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This is the second public release of the AESC 2021 Study. This document updates and amends the 

version originally released on March 15, 2021. The following text summarizes these changes. 

¶ Text in Chapter 12: Sensitivity Analysis is now populated. Corresponding text was added to the 

ŜȄŜŎǳǘƛǾŜ ǎǳƳƳŀǊȅ όƛƴ ǘƘŜ ǎǳōǎŜŎǘƛƻƴ ǘƛǘƭŜŘ ά{ŜƴǎƛǘƛǾƛǘƛŜǎέύ. 

¶ We updated text in Chapter 2: Avoided Natural Gas Costs related to the calculation of the 

medium-term Henry Hub natural gas price forecast. Text in the March 15 edition referred to a 

methodology used in earlier drafts. This text has now been updated to reflect our final 

methodology. We also modified text in the natural gas section of the Executive Summary to 

reflect this update. We note that these are changes to the text only; all of the modeled avoided 

costs are unchanged.  

¶ We clarified which avoided transmission and distribution (T&D) costs are included in summary 

tables like ES-Table 1. These tables only included avoided T&D costs related to pooled 

transmission facilities (PTF) and do not include non-PTF avoided T&D costs or avoided costs 

related to local T&D systems.  

¶ We made a cosmetic correction to the Y-axis in Figure 17. 

¶ In Section 8.1. Non-embedded GHG costsΣ ǘƘŜ ǇŀǊŀƎǊŀǇƘ ǘƘŀǘ ōŜƎƛƴǎ ǿƛǘƘ άIn AESC 2018, 
the cost of avoided CO2 was reported to be $68 per short tonΧέ was edited for clarity.  

¶ We corrected a typographical error in Table 56 ǎƻ ǘƘŀǘ ǘƘŜ ά/9{-9έ ǇǊƻƎǊŀƳ ŎƻǊǊŜŎǘƭȅ 
refers to Massachusetts, rather than Maine. 

¶ Numbering of figures, tables, footnotes, and pages has changed due to the inclusion of new text 

in Chapter 12: Sensitivity Analysis and other edits throughout the document. 

¶ We have corrected a formula error in each of the AESC 2021 User Interface workbooks, on the 

sheet named άbƻƴ9ƳōŜŘŘŜŘψCalcsΦέ Lƴ ǇǊŀŎǘƛŎŀƭ ǘŜǊƳǎΣ ǘƘƛǎ ƛƴŎǊŜŀǎŜǎ ǘƘŜ ƴƻƴ-embedded GHG 

cost for Vermont (assuming a New England marginal abatement cost-basis) by 1 percent. There 

are no other changes to other regions. No updates were required to tables or text in this 

document. 

There are no further amendments, notes, or errata at this time.  

 

 



  

Synapse Energy Economics, Inc. AESC 2021 iv  

 

 

 

 

This page is intentionally left blank. 

 

 

 

 

 

 

  



  

Synapse Energy Economics, Inc. AESC 2021 v  

¢!.[9 hC /hb¢9b¢{ 

AMENDMENTS TO THE AESC 2021 STUDY .................................................................... III 

TABLE OF CONTENTS ................................................................................................. V 

TABLE OF FIGURES ................................................................................................... IX 

TABLE OF TABLES ................................................................................................... XII 

LIST OF ACRONYMS .............................................................................................. XVIII 

LIST OF AUTHORS ................................................................................................... XIX 

1. EXECUTIVE SUMMARY ....................................................................................... 1 

1.1. Background to the AESC Study ........................................................................................... 3 

1.2. Summary of avoided costs ................................................................................................. 4 

2. AVOIDED NATURAL GAS COSTS .......................................................................... 21 

2.1. Introduction .................................................................................................................... 21 

2.2. Gas prices and commodity costs ...................................................................................... 22 

2.3. New England natural gas market ..................................................................................... 31 

2.4. Avoided natural gas cost methodology ............................................................................ 39 

2.5. Avoided natural gas costs by end-use .............................................................................. 47 

3. FUEL OIL AND OTHER FUEL COSTS ...................................................................... 50 

3.1. Results and comparison with AESC 2018 .......................................................................... 50 

3.2. Forecast of crude oil prices .............................................................................................. 51 

3.3. Forecast of fuel prices ...................................................................................................... 55 

3.4. Avoided costs .................................................................................................................. 58 

3.5. Greenhouse gas and criteria pollutant emissions ............................................................. 58 

4. COMMON ELECTRIC ASSUMPTIONS ..................................................................... 61 

4.1. AESC 2021 modeling framework ...................................................................................... 61 

4.2. Modeling counterfactuals ................................................................................................ 69 



  

Synapse Energy Economics, Inc. AESC 2021 vi  

4.3. New England system demand .......................................................................................... 70 

4.4. Renewable energy assumptions ...................................................................................... 93 

4.5. Anticipated non-renewable resource additions and retirements ..................................... 95 

4.6. Transmission, imports, and exports ............................................................................... 100 

4.7. Operating unit characteristics ........................................................................................ 102 

4.8. Embedded emissions regulations ................................................................................... 103 

5. AVOIDED CAPACITY COSTS .............................................................................. 113 

5.1. Wholesale electric capacity market inputs and cleared capacity calculations ................. 113 

5.2. Uncleared capacity calculations ..................................................................................... 124 

5.3. Other considerations ..................................................................................................... 130 

6. AVOIDED ENERGY COSTS ................................................................................ 134 

6.1. Forecast of energy and energy prices ............................................................................. 134 

6.2. Benchmarking the EnCompass energy model ................................................................. 139 

7. AVOIDED COST OF COMPLIANCE WITH RENEWABLE PORTFOLIO STANDARDS AND RELATED 

CLEAN ENERGY POLICIES ................................................................................ 143 

7.1. Assumptions and methodology ..................................................................................... 144 

7.2. Renewable Energy Certificate (REC) Price Forecasting .................................................... 152 

7.3. Avoided RPS compliance cost per MWh reduction ......................................................... 162 

8. NON-EMBEDDED ENVIRONMENTAL COSTS .......................................................... 172 

8.1. Non-embedded GHG costs ............................................................................................. 174 

8.2. Non-embedded NOX costs ............................................................................................. 186 

8.3. Applying non-embedded costs ....................................................................................... 187 

9. DEMAND REDUCTION INDUCED PRICE EFFECT ...................................................... 193 

9.1. Introduction .................................................................................................................. 193 

9.2. Electric energy DRIPE ..................................................................................................... 197 

9.3. Electric capacity DRIPE ................................................................................................... 208 

9.4. Natural gas DRIPE .......................................................................................................... 216 

9.5. Cross-fuel market price effects ...................................................................................... 222 

9.6. Oil supply DRIPE ............................................................................................................ 230 



  

Synapse Energy Economics, Inc. AESC 2021 vii  

10. TRANSMISSION AND DISTRIBUTION ................................................................... 235 

10.1. General approach to estimating the value of system-level avoided T&D ........................ 236 

10.2. Avoided pool transmission facilities transmission .......................................................... 248 

10.3. Survey of utility avoided costs for non-PTF transmission and distribution ...................... 249 

10.4. Localized value of avoided T&D ..................................................................................... 261 

10.5. Avoided natural gas T&D costs ...................................................................................... 280 

11. VALUE OF IMPROVED RELIABILITY ..................................................................... 281 

11.1. Calculating value of lost load ......................................................................................... 281 

11.2. Value of reliability: Generation component ................................................................... 284 

11.3. Value of reliability: T&D component .............................................................................. 290 

12. SENSITIVITY ANALYSIS .................................................................................... 293 

12.1. When and how to use these sensitivities ....................................................................... 293 

12.2. Sensitivity inputs and methodologies ............................................................................ 295 

12.3. Results of sensitivity analysis ......................................................................................... 305 

APPENDIX A: USAGE INSTRUCTIONS ......................................................................... 321 

Extrapolation of values post-2035 ........................................................................................... 321 

Levelization calculations ......................................................................................................... 325 

Converting constant 2021 dollars to nominal dollars ............................................................... 325 

Comparisons to previous AESC studies .................................................................................... 325 

APPENDIX B: DETAILED ELECTRIC OUTPUTS ................................................................ 327 

Structure of Appendix B tables ............................................................................................... 327 

How to convert wholesale avoided costs to retail avoided costs ............................................. 330 

Guide to applying the avoided costs ....................................................................................... 334 

APPENDIX C: DETAILED NATURAL GAS OUTPUTS ......................................................... 335 

Avoided natural gas costs by end-use ..................................................................................... 335 

bŀǘǳǊŀƭ Ǝŀǎ ǎǳǇǇƭȅ ŀƴŘ ŎǊƻǎǎπŦǳŜƭ 5wLt9 ................................................................................. 335 

Avoided natural gas costs by costing period ............................................................................ 336 

APPENDIX D: DETAILED OIL AND OTHER FUELS OUTPUTS .............................................. 351 



  

Synapse Energy Economics, Inc. AESC 2021 viii  

APPENDIX E: COMMON FINANCIAL PARAMETERS ......................................................... 357 

Conversion of nominal dollars to constant 2021 dollars .......................................................... 357 

Real discount rate ................................................................................................................... 359 

Considerations given the COVID-19 pandemic ........................................................................ 362 

APPENDIX F: USER INTERFACE ................................................................................. 363 

APPENDIX G: MARGINAL EMISSION RATES AND NON-EMBEDDED ENVIRONMENTAL COST DETAIL

 ................................................................................................................ 364 

APPENDIX H: DRIPE DERIVATION ........................................................................... 369 

APPENDIX I: MATRIX OF RELIABILITY SOURCES ............................................................ 372 

APPENDIX J: GUIDE TO CALCULATING AVOIDED COSTS FOR CLEARED AND UNCLEARED MEASURES

 ................................................................................................................ 376 

Cleared capacity ..................................................................................................................... 377 

Uncleared capacity ................................................................................................................. 377 

Cleared capacity DRIPE ........................................................................................................... 378 

Uncleared capacity DRIPE ....................................................................................................... 379 

Cleared reliability ................................................................................................................... 380 

Uncleared reliability ............................................................................................................... 381 

Applying these values ............................................................................................................. 382 

APPENDIX K: SCALING FACTOR FOR UNCLEARED RESOURCES .......................................... 384 

Purpose ΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧΧ384 

Introduction ........................................................................................................................... 385 

The reference regression model .............................................................................................. 386 

The effect of load reductions on the forecast .......................................................................... 390 

Subappendix A. Ratio of forecast reduction to load reduction ................................................ 403 

Subappendix B. Ratio of forecast reduction to load reduction, with forecast load distribution 405 

Subappendix C. Impact of individual day load reductions ........................................................ 407 

 

 



  

Synapse Energy Economics, Inc. AESC 2021 ix  

¢!.[9 hC CLD¦w9{ 

Figure 1. Henry Hub price forecasts (Actuals, NYMEX, AESC 2020, and AESC 2018) ................................. 27 

Figure 2. Historical comparison of natural gas prices at Algonquin Citygate Hub and Henry Hub ............ 29 

Figure 3. Historical and projected prices for AGT Hub, Dawn Hub, and TETCO M2 Hub ........................... 30 

Figure 4. Historical natural gas deliveries in New England ......................................................................... 31 

Figure 5. AEO 2021 natural gas consumption forecast for New England ................................................... 32 

Figure 6. Natural gas pipeline infrastructure in New England and nearby regions .................................... 35 

Figure 7. Illustrative commercial and industrial heating load shape .......................................................... 41 

Figure 8. Forecast for West Texas Intermediate crude oil with NYMEX confidence intervals ................... 52 

Figure 9. NYMEX oil futures for West Texas Intermediate (WTI) crude oil ................................................ 53 

Figure 10. Oil prices projected in various AEO 2021 scenarios................................................................... 54 

Figure 11. Crude oil prices, historical, forecast, and AESC 2021 ................................................................. 55 

Figure 12. AESC 2021 modeling schematic ................................................................................................. 66 

Figure 13. Actual versus projected system demand for 2020, ISO New England ....................................... 73 

Figure 14. Historical and projected annual energy forecasts for all of ISO New England .......................... 73 

Figure 15. Historical and projected summer peak demand forecasts for ISO New England ...................... 75 

Figure 16. Sloped demand curves, FCAs 11 to 15 ....................................................................................... 76 

Figure 17. Historical and projected cumulative regionwide energy efficiency impacts used in 

Counterfactual #2 ....................................................................................................................................... 78 

Figure 18. Demand response forecast for New England ............................................................................ 79 

Figure 19. BTM storage forecast for New England ..................................................................................... 83 

Figure 20. Heat pump wholesale electricity impacts on heating for Counterfactual #3 ............................ 85 

Figure 21. Hourly heat pump load profiles for January .............................................................................. 86 

Figure 22. Projected wholesale electricity consumption from EVs in ISO New England for all 

Counterfactuals ........................................................................................................................................... 88 

Figure 23. Seasonal, hourly EV load profiles assumed by ISO New England in CELT 2020 ......................... 89 

Figure 24. Summer EV wholesale peak demand impacts in ISO New England for all Counterfactuals ...... 89 

Figure 25. Average and marginal line loss factors from Lazar and Baldwin (2011) .................................... 92 

Figure 26. Bureau of Ocean Energy Management (BOEM) lease zones in southern New England and 

potential interconnection points ................................................................................................................ 94 

Figure 27. Historical RGGI allowance prices, recently modeled RGGI allowance prices, the prices 

associated with the cost containment reserve (CCR) and emissions containment reserve (ECR), and RGGI 

price used in AESC 2021 ............................................................................................................................ 106 

Figure 28. Electric sector CO2 emissions in existing and proposed RGGI states, 2019 ............................. 106 

Figure 29. Analyzed electric sector CO2 limits under 310 CMR 7.74 ........................................................ 108 

Figure 30. FCA price results by round (effective supply curves) ............................................................... 117 

Figure 31. Recent FCA demand curves ..................................................................................................... 118 

Figure 32. Market clearing capacity prices for FCA 12 through FCA 15 .................................................... 119 

Figure 33. Forward capacity auction clearing prices for all past auctions (rest-of-pool prices only) ....... 120 



  

Synapse Energy Economics, Inc. AESC 2021 x  

Figure 34. Forecast of selected FCA prices in Counterfactual #1 (2021 $ per kW-month) in rest-of-pool 

region ........................................................................................................................................................ 122 

Figure 35. Comparison of capacity prices in AESC 2021 across different counterfactuals ....................... 124 

Figure 36. Illustrative impacts of a single-year load reduction on the peak forecast .............................. 126 

Figure 37. Illustrative impacts of a five-year load reduction on the peak forecast .................................. 126 

Figure 38. AESC 2021 New England-wide generation, imports, and system demand in Counterfactual #1

 .................................................................................................................................................................. 135 

Figure 39. New England-wide capacity modeled in EnCompass in Counterfactual #1 ............................ 135 

Figure 40. AESC 2021 wholesale energy price projection for WCMA in Counterfactual #1 ..................... 136 

Figure 41. Comparison of 2019 historical and simulated 2019 locational marginal prices ...................... 140 

Figure 42. Comparison of 2019 historical and simulated 2019 locational marginal prices for the WCMA 

region (monthly) ....................................................................................................................................... 141 

Figure 43. Comparison of 2019 historical and simulated 2019 locational marginal prices for New England 

(hourly) ...................................................................................................................................................... 142 

Figure 44. Potential impacts of the COVID-19 pandemic on renewable energy deployment.................. 151 

Figure 45. Price trajectory for offshore wind ............................................................................................ 183 

Figure 46. Example figure depicting separate and non-overlapping avoided energy and energy DRIPE 

effects ....................................................................................................................................................... 194 

Figure 47. DRIPE effect interactions ......................................................................................................... 195 

Figure 48. Illustrative regression for WCMA, July on-peak hours ............................................................ 200 

Figure 49. Supply curve for FCA 15 with illustrative demand lines .......................................................... 209 

Figure 50. Effect of changing gas demand on gas price ............................................................................ 217 

Figure 51. Schematic of a T&D system ..................................................................................................... 241 

Figure 52. Henry Hub price forecast in main AESC 2021 case and High Gas Price Sensitivity .................. 296 

Figure 53. Historical and projected cumulative regionwide energy efficiency impacts used in the All-In 

Climate Policy Sensitivity .......................................................................................................................... 297 

Figure 54. Building electrification trajectory used in the climate policy sensitivities, compared with the 

trajectory used in Counterfactual #3 ........................................................................................................ 298 

Figure 55. Transportation electrification trajectory used in the climate policy sensitivities, compared with 

the trajectory used in the AESC counterfactuals ...................................................................................... 299 

Figure 56. Proposed quantities of flexible load to be modeled in the climate policy sensitivities .......... 301 

Figure 57. Systemwide wholesale demand in the No New EE and All-In Climate Policy Sensitivities ...... 302 

Figure 58. Shares of demand met by non-fossil resources in Counterfactual #2 (CF#2), Counterfactual #3 

ό/CІоύΣ a! 99!Ωǎ !ƭƭ hǇǘƛƻƴǎ /ŀǎŜΣ ŀƴŘ ǘƘŜ ŎƭƛƳŀǘŜ ǇƻƭƛŎȅ ǎŜƴǎƛǘƛǾƛǘƛŜǎ .................................................. 303 

Figure 59. Comparison of capacity prices in rest-of-pool (2021 $ per kW-month) .................................. 312 

Figure 60. Comparison of capacity prices in rest-of-pool (2021 $ per kW-month) .................................. 316 

Figure 60. Example of linear regression over a short period .................................................................... 323 

CƛƎǳǊŜ смΦ wŜŎŜƴǘ ǘǊŜŀǎǳǊȅ ōƛƭƭ ǊŀǘŜǎ ŀǘ ǘƘŜ ǘƛƳŜ ƻŦ !9{/ нлнмΩǎ ƛƴǇǳǘ ŀǎǎǳƳǇǘƛƻƴ ŘŜǾŜƭƻǇƳŜƴǘ .......... 360 

Figure 62. Example of supply and demand impact ................................................................................... 370 

Figure 63. Comparison of forecasts of gross and net Summer Peak, 2017 CELT and Resource Insight 

modeled proxy .......................................................................................................................................... 390 

Figure 64. Effect of two years of demand response on the forecast ........................................................ 392 



  

Synapse Energy Economics, Inc. AESC 2021 xi  

Figure 65. Effect of five years of demand response on the forecast ........................................................ 392 

Figure 66. Effect of nine years of demand response on the forecast ....................................................... 393 

Figure 67. Effect of 15 years of demand response on the forecast .......................................................... 393 

Figure 68. Ratio of forecasted load reduction to historical load reduction, various durations ................ 395 

Figure 69. Ratio of forecast reduction to load reduction, various numbers of peak days per year ......... 396 

Figure 70. Percentage of highest days flagged by day-ahead load forecast, by year ............................... 398 

Figure 71. Reduction ratio (R) for 1-year program, various numbers of days .......................................... 401 

Figure 72. Reduction ratio (R) for 5-year program, various numbers of days .......................................... 401 

Figure 73. Reduction ratio (R) for 15-year program, various numbers of days ........................................ 402 

 

  



  

Synapse Energy Economics, Inc. AESC 2021 xii  

¢!.[9 hC ¢!.[9{ 

Table 1. New England LDC natural gas requirements forecasts ................................................................. 33 

Table 2. Historical and Projected Natural gas delivery capacity into New England (Bcfd) ......................... 36 

Table 3. Recent and planned New England pipeline expansions ............................................................... 37 

Table 4. New England LDC peaking facilities ............................................................................................... 37 

Table 5. Illustrative avoided cost calculation .............................................................................................. 42 

Table 6. Base use and heating factors by end-use ...................................................................................... 42 

Table 7. Transmission costs for the Dawn Hub capacity path .................................................................... 44 

Table 8. Transmission costs for the Marcellus capacity path ..................................................................... 44 

Table 9. Transmission costs for Dracut supply ............................................................................................ 44 

Table 10. Marginal distribution capacity cost by customer class (2021 $ per MMBtu) ............................. 47 

Table 11. Avoided costs of gas for retail customers by end-use assuming no avoidable margin (2021 $ 

per MMBtu) ................................................................................................................................................ 47 

Table 12. Avoided costs of gas for retail customers by end-use assuming some avoidable margin (2021 $ 

per MMBtu) ................................................................................................................................................ 48 

Table 13. Avoided costs of gas for retail customers by end-use for Vermont (2021 $ per MMBtu).......... 48 

Table 14. Comparison of avoided costs of retail fuels (15-year levelized, 2021 $ per MMBtu) ................. 51 

Table 15. SEDS New England fuel prices in 2018 by end-use sector in 2018 (2021 $ per MMBtu) ........... 56 

Table 16. New England fuel prices in 2021 by end-use sector (2021 $ per MMBtu) ................................. 57 

Table 17. CO2 emission rates for non-electric fuels (lb per MMBtu) .......................................................... 58 

Table 18. SO2 and NOX emission factors (lb per MMBtu) ........................................................................... 59 

Table 19. Transportation fuel emission factors (lb per MMBtu) ................................................................ 59 

Table 20. Transportation fuel 2018 emission factors (grams per mile) ...................................................... 60 

Table 21. Reporting zones in AESC 2021 ..................................................................................................... 63 

Table 22. Modeled load zones in AESC 2021 .............................................................................................. 63 

Table 23. Translation between EnCompass modeling zones (vertical) and AESC 2021 reporting zones 

(horizontal) .................................................................................................................................................. 64 

Table 24. Modeled counterfactual scenarios in AESC 2021 ....................................................................... 70 

Table 25. Behind-the-meter storage categorization ................................................................................... 84 

Table 26. Current status of emerging DSM technologies ........................................................................... 91 

Table 27. Nuclear unit detail ....................................................................................................................... 95 

Table 28. Coal unit detail ............................................................................................................................ 96 

Table 29. Incremental natural gas and oil additions ................................................................................... 96 

Table 30. Major natural gas and oil retirements ........................................................................................ 97 

Table 31. Characteristics of generic conventional resources assumed in the EnCompass model ............. 99 

Table 32. Group transmission limits ......................................................................................................... 101 

Table 33. Single pathway transmission limits with regions adjoining ISO New England .......................... 102 

Table 34. List of generating units modeled as subject to 310 CMR 7.74 .................................................. 109 

Table 35. State-specific GHG emission reduction targets 2050 ................................................................ 111 

Table 36. FCA price results by round (rest-of-pool results only) .............................................................. 116 



  

Synapse Energy Economics, Inc. AESC 2021 xiii  

Table 37. Capacity prices for recent and pending FCAs (2021 $ per kW-month) ..................................... 119 

Table 38. Projected cumulative change in demand (GW), relative to FCA 15 .......................................... 121 

Table 39. Projected cumulative change in supply (GW), relative to FCA 15 ............................................ 121 

Table 40. Comparison of capacity prices in rest-of-pool (2021 $ per kW-month) ................................... 123 

Table 41. Illustration of when uncleared capacity begins to have an effect ............................................ 125 

Table 42. LFE schedule for a measure with a one-year lifetime installed in 2021 ................................... 127 

Table 43. LFE schedule for uncleared capacity value for measures with L lifetimes installed in 2021 .... 128 

Table 44. Calculated reserve margins ....................................................................................................... 128 

Table 45. Uncleared capacity value for measures with L lifetimes installed in 2021 in Counterfactual #1 in 

rest-of-pool region .................................................................................................................................... 129 

Table 46. AESC 2021 wholesale energy price projection for WCMA region in Counterfactual #1 (2021 $ 

per MWh) .................................................................................................................................................. 137 

Table 47. Comparison of energy prices for WCMA region (2021 $ per MWh, 15-year levelized) ........... 138 

Table 48. Avoided energy costs, AESC 2021 vs. AESC 2018 (15-year levelized costs, 2021 $ per kWh) .. 139 

Table 49. Avoided cost of RPS compliance for Counterfactual #1 (2021 $ per MWh) ............................. 143 

Table 50. Avoided cost of RPS compliance for Counterfactual #2 (2021 $ per MWh) ............................. 143 

Table 51. Avoided cost of RPS compliance for Counterfactual #3 (2021 $ per MWh) ............................. 143 

Table 52. Avoided cost of RPS compliance for Counterfactual #4 (2021 $ per MWh) ............................. 144 

Table 53. Avoided costs in AESC 2018 (2021 $ per MWh) ........................................................................ 144 

Table 54. Summary of RPS and CES classes .............................................................................................. 146 

Table 55. Summary of modeled RPS targets for new resource categories .............................................. 148 

Table 56. Summary of RPS targets for other resource categories ............................................................ 149 

Table 57. Summary of Alternative Compliance Payment levels ............................................................... 150 

Table 58. Range of potential project delays resulting from COVID-19 pandemic .................................... 151 

Table 59. Annual average historical REC prices, New supply: 2015-2020 (nominal $ per MWh) ............ 152 

Table 60. Annual average historical REC prices, Existing supply: 2015-2020 (nominal $ per MWh) ....... 153 

Table 61. REC premium for market entry (2021 $ per MWh) .................................................................. 160 

Table 62. REC price forecasting approaches ............................................................................................. 161 

Table 63. Summary of REC prices for existing resource categories (2021 $ per MWh) ........................... 162 

Table 64. Avoided cost of RPS compliance for Counterfactual #1 (2021 $ per MWh) ............................. 163 

Table 65. Summary of avoided cost of RPS compliance, New RPS categories (2021 $ per MWh) ........... 164 

Table 66. Summary of avoided cost of RPS compliance, Existing RPS categories (2021 $ per MWh) ...... 165 

Table 67. Avoided cost of RPS compliance for Counterfactual #2 (2021 $ per MWh) ............................. 165 

Table 68. Summary of avoided cost of RPS compliance, New RPS categories (2021 $ per MWh) ........... 166 

Table 69. Summary of avoided cost of RPS compliance, Existing RPS categories (2021 $ per MWh) ...... 167 

Table 70. Avoided cost of RPS compliance for Counterfactual #3 (2021 $ per MWh) ............................. 167 

Table 71. Summary of avoided cost of RPS compliance, New RPS categories (2021 $ per MWh) ........... 168 

Table 72. Summary of avoided cost of RPS compliance, Existing RPS categories (2021 $ per MWh) ...... 169 

Table 73. Avoided cost of RPS compliance for Counterfactual #3 (2021 $ per MWh) ............................. 169 

Table 74. Summary of avoided cost of RPS compliance, New RPS categories (2021 $ per MWh) ........... 170 

Table 75. Summary of avoided cost of RPS compliance, Existing RPS categories (2021 $ per MWh) ...... 171 



  

Synapse Energy Economics, Inc. AESC 2021 xiv  

Table 76. Comparison of GHG costs under different approaches (2021 $ per short ton) in Counterfactual 

#1 .............................................................................................................................................................. 173 

Table 77. Comparison of GHG costs under different approaches (2021 cents per kWh) in Counterfactual 

#1 .............................................................................................................................................................. 173 

Table 78. Comparison of social costs of carbon at varying discount rates from NYS SCC Guideline and 

federal IWG (2021 dollars per short ton) .................................................................................................. 179 

Table 79. Interaction of non-embedded and embedded CO2 costs. ........................................................ 187 

Table 80. Modeled electric sector marginal emissions rates (lb per MWh) ............................................. 189 

Table 81. Energy DRIPE elasticities ........................................................................................................... 201 

Table 82. Comparison of energy DRIPE elasticities, AESC 2018 and 2021................................................ 202 

Table 83. Percent of load assumed to be unhedged in Counterfactual #1 .............................................. 205 

Table 84. Energy DRIPE decay factors for measures installed in 2021 in Counterfactual #1 ................... 206 

Table 85. Energy DRIPE values for 2021 installations (2021 $ per MWh) for Counterfactual #1 ............. 207 

Table 86. Seasonal energy DRIPE values for measures installed in 2021 (2021 $ per MWh) .................. 208 

Table 87. Price shifts for capacity DRIPE (2021 $/kW-month per MW) in rest-of-pool region ................ 210 

Table 88. Unhedged capacity for Counterfactual #1 ................................................................................ 211 

Table 89. Decay schedule used for cleared capacity for measures installed in 2021 ............................... 212 

Table 90. Cleared capacity DRIPE by year for measures installed in 2021 (2021 $ per kW-year) ............ 213 

Table 91. Uncleared capacity DRIPE by year for measures installed in 2021 (2021 $ per kW-year) ........ 215 

Table 92. Share of demand that is responsive to natural gas supply DRIPE ............................................. 218 

Table 93. Natural gas supply DRIPE benefit (2021 $ per MMBtu) ............................................................ 219 

Table 94. Gas basis price shifts by season ................................................................................................ 221 

Table 95. Percent of gas basis decayed by year for measures installed in 2021 ...................................... 221 

Table 96. Decayed natural gas DRIPE values (2021 $/MMBtu per Quadrillion Btu reduced) .................. 222 

Table 97. Electric-to-gas (E-G) cross-DRIPE benefit (2021 $ per MWh) ................................................... 224 

Table 98. Gas-to-electric cross-fuel heating DRIPE, 2021 gas efficiency installations (2021 $ per MMBtu) 

for Counterfactual #1 ................................................................................................................................ 226 

Table 99. Comparison of levelized gas-to-electric (G-E) cross-DRIPE benefits (2021 $ per MMBtu) ....... 227 

Table 100. Annual electric-to-gas-to-electric cross-fuel heating DRIPE, 2021 gas efficiency installations 

(2021 $ per MWh) ..................................................................................................................................... 228 

Table 101. Seasonal electric-to-gas-to-electric cross-fuel heating DRIPE, 2021 gas efficiency installations 

(2021 $ per MWh) ..................................................................................................................................... 229 

Table 102. Comparison of 10-year levelized electric-to-gas-to-electric (E-G-E) cross-DRIPE benefits (2021 

$ per MWh) ............................................................................................................................................... 230 

Table 103. Percent change in crude oil price for a 1.0 percent change in global demand ....................... 231 

Table 104. Crude oil DRIPE by state (2021 $ per MMBtu) ........................................................................ 233 

Table 105. AEO 2021 prices of crude oil and refined petroleum products .............................................. 233 

Table 106. Comparison of oil DRIPE values (2021 dollars per MMBtu) .................................................... 234 

Table 107. Comparison of annual load-related additions, historical and projected (2021 dollars) ......... 249 

Table 108. Summary of utility avoided T&D cost methodologies ............................................................ 251 

Table 109. Avoided T&D load forecast methodologies ............................................................................ 252 

Table 110. Detailed considerations for calculation of load-specific avoided T&D costs .......................... 253 



  

Synapse Energy Economics, Inc. AESC 2021 xv  

¢ŀōƭŜ мммΦ !ǎǎŜǎǎƳŜƴǘ ƻŦ bŀǘƛƻƴŀƭ DǊƛŘΩǎ ŀǾƻƛŘŜŘ ŘƛǎǘǊƛōǳǘƛƻƴ ƳŜǘƘƻŘology and recommendations for 

improvement ............................................................................................................................................ 255 

Table 112Φ !ǎǎŜǎǎƳŜƴǘ ƻŦ ¦LΩǎ ŀǾƻƛŘŜŘ ŘƛǎǘǊƛōǳǘƛƻƴ ƳŜǘƘƻŘƻƭƻƎȅ ŀƴŘ ǊŜŎƻƳƳŜƴŘŀǘƛƻƴǎ ŦƻǊ 

improvement ............................................................................................................................................ 256 

¢ŀōƭŜ ммоΦ !ǎǎŜǎǎƳŜƴǘ ƻŦ 9ǾŜǊǎƻǳǊŎŜΩǎ ŀǾoided distribution methodology and recommendations for 

improvement ............................................................................................................................................ 258 

¢ŀōƭŜ ммпΦ !ǎǎŜǎǎƳŜƴǘ ƻŦ ±ŜǊƳƻƴǘΩǎ ŀǾƻƛŘŜŘ ŘƛǎǘǊƛōǳǘƛƻƴ ƳŜǘƘƻŘology and recommendations for 

improvement ............................................................................................................................................ 260 

Table 115. Summary of location-specific evaluation methodologies and load forecast processes ......... 268 

Table 116. Summary of processes for identifying locations that would benefit from load reductions ... 269 

Table 117. Summary of processes for identifying target locations that would benefit from load 

reductions at the transmission level ......................................................................................................... 270 

Table 118. Summary of processes for identifying target locations that would benefit from load 

reductions at the distribution level .......................................................................................................... 271 

Table 119. National Grid NWA screening criteria ..................................................................................... 272 

¢ŀōƭŜ мнлΦ !ǎǎŜǎǎƳŜƴǘ ƻŦ bŀǘƛƻƴŀƭ DǊƛŘΩǎ ŀǾƻƛŘŜŘ ŘƛǎǘǊƛōǳǘƛƻƴ ƳŜǘƘƻŘƻƭƻƎȅ ŀƴŘ ǊŜŎƻƳƳŜƴŘŀǘƛƻƴǎ ŦƻǊ 

improvement ............................................................................................................................................ 273 

¢ŀōƭŜ мнмΦ !ǎǎŜǎǎƳŜƴǘ ƻŦ 9ǾŜǊǎƻǳǊŎŜΩǎ ŀǾƻƛŘŜŘ ŘƛǎǘǊƛōǳǘƛƻƴ ƳŜǘƘƻŘƻƭƻƎȅ ŀƴŘ ǊŜŎƻƳƳŜƴŘŀǘƛƻƴǎ ŦƻǊ 

improvement ............................................................................................................................................ 275 

¢ŀōƭŜ мннΦ !ǎǎŜǎǎƳŜƴǘ ƻŦ ±ŜǊƳƻƴǘΩǎ ŀǾƻƛŘŜŘ ŘƛǎǘǊƛōǳǘƛƻƴ ƳŜǘƘƻŘƻƭƻƎȅ ŀƴŘ ǊŜŎƻƳƳŜƴŘŀǘƛƻƴǎ ŦƻǊ 

improvement ............................................................................................................................................ 278 

Table 123. Average cost per unserved kWh (2021 $ per kWh) ................................................................ 282 

Table 124. Residential VoLL in high-income European countries GDP per capita values ......................... 283 

Table 125. Calculation of VoLL .................................................................................................................. 284 

Table 126. Change in MWh of reliability benefits per megawatt of reserve for Counterfactual #1 in rest-

of-pool region ........................................................................................................................................... 285 

Table 127. Net increase in cleared supply for Counterfactual #1 in rest-of-pool region ......................... 286 

Table 128. Estimated cleared reliability benefits for Counterfactual #1 in rest-of-pool region for 

measures installed in 2021, assuming a VoLL of $73 per kWh ................................................................. 287 

Table 129. Estimated uncleared reliability benefits for Counterfactual #1 in rest-of-pool region for 

measures installed in 2021, assuming a VoLL of $73 per kWh ................................................................. 288 

Table 130. Monthly distribution of risk prices for capacity commitment period 2022ς23, annual 

reconfiguration auction #2 ....................................................................................................................... 290 

Table 131. Illustration of avoided retail summer on-peak electricity cost components, AESC 2021 High 

Gas Price Sensitivity versus AESC 2021 Counterfactual #1 ....................................................................... 306 

Table 132. Comparison of energy prices for WCMA region (2021 $ per MWh, 15-year levelized) ......... 307 

Table 133. Comparison of capacity prices in rest-of-pool (2021 $ per kW-month) ................................. 308 

Table 134. Avoided cost of RPS compliance (2021 $ per MWh) ............................................................... 308 

Table 135. Illustration of avoided retail summer on-peak electricity cost components, AESC 2021 No 

New EE Climate Policy Sensitivity versus AESC 2021 Counterfactual #3, using the SCC .......................... 310 

Table 137. Comparison of energy prices for WCMA region (2021 $ per MWh, 15-year levelized) ......... 311 

Table 138. Comparison of capacity prices in rest-of-pool (2021 $ per kW-month) ................................. 312 



  

Synapse Energy Economics, Inc. AESC 2021 xvi  

Table 139. Avoided cost of RPS compliance (2021 $ per MWh) ............................................................... 313 

Table 140. Illustration of avoided retail summer on-peak electricity cost components, AESC 2021 All-In 

Climate Policy Sensitivity versus AESC 2021 Counterfactual #2, using the SCC ....................................... 314 

Table 142. Comparison of energy prices for WCMA region (2021 $ per MWh, 15-year levelized) ......... 315 

Table 143. Comparison of capacity prices in rest-of-pool (2021 $ per kW-month) ................................. 316 

Table 144. Avoided cost of RPS compliance (2021 $ per MWh) ............................................................... 317 

Table 145. Advantages and disadvantages of CAGR approach................................................................. 322 

Table 146. Example of AAGR calculation over a stationary series ............................................................ 322 

Table 147. Advantages and disadvantages of AAGR approach ................................................................ 323 

Table 148. Advantages and disadvantages of regression-derived growth rate approach ....................... 324 

Table 149. Loss factors recommended for use in AESC 2021 ................................................................... 332 

Table 150. Wholesale to retail factors by avoided cost category ............................................................. 334 

Table 151. End-use and sector share assumptions used to calculate G-E cross-DRIPE ............................ 336 

Table 152. Avoided cost of gas to retail customers by end-use for southern New England (SNE) assuming 

no avoidable retail margin (2021 $ per MMBtu) ...................................................................................... 338 

Table 153. Avoided cost of gas to retail customers by end-use for southern New England (SNE) assuming 

some avoidable retail margin (2021 $ per MMBtu) ................................................................................. 339 

Table 154. Avoided cost of gas to retail customers by end-use for northern New England (NNE) assuming 

no avoidable retail margin (2021 $ per MMBtu) ...................................................................................... 340 

Table 155. Avoided cost of gas to retail customers by end-use for northern New England (NNE) assuming 

some avoidable retail margin (2021 $ per MMBtu) ................................................................................. 341 

Table 156. Avoided cost of gas to retail customers by end-use for Vermont assuming some avoidable 

retail margin (2021 $ per MMBtu) ............................................................................................................ 342 

Table 157. Intrastate gas supply DRIPE and gas cross-DRIPE for Connecticut (2021 $ per MMBtu) ....... 343 

Table 158. Intrastate gas supply DRIPE and gas cross-DRIPE for Massachusetts (2021 $ per MMBtu) ... 344 

Table 159. Intrastate gas supply DRIPE and gas cross-DRIPE for Maine (2021 $ per MMBtu) ................. 345 

Table 160. Intrastate gas supply DRIPE and gas cross-DRIPE for New Hampshire (2021 $ per MMBtu) . 346 

Table 161. Intrastate gas supply DRIPE and gas cross-DRIPE for Rhode Island (2021 $ per MMBtu) ...... 347 

Table 162. Intrastate gas supply DRIPE and gas cross-DRIPE for Vermont (2021 $ per MMBtu) ............ 348 

Table 163. Avoided natural gas costs by costing period ς southern New England (2021 $ per MMBtu) 349 

Table 164. Avoided natural gas costs by costing period ς northern New England (2021 $ per MMBtu) 350 

Table 165. Avoided costs of petroleum fuels and other fuels by sector (2021 $ per MMBtu) ................ 352 

Table 166. Home heating (diesel) fuel DRIPE by state (2021 $ per MMBtu) ............................................ 353 

Table 167. Residual fuel DRIPE by state (2021 $ per MMBtu) .................................................................. 354 

Table 168. Motor gasoline DRIPE by state (2021 $ per MMBtu) .............................................................. 355 

Table 169. Motor diesel DRIPE by state (2021 $ per MMBtu) .................................................................. 356 

Table 170. GDP price index and inflation rate .......................................................................................... 357 

Table 171. Composite nominal rate calculation ....................................................................................... 360 

Table 172. Comparison of real discount rate estimates ........................................................................... 361 

Table 173. Marginal emission rates for non-electric sectors .................................................................... 364 

Table 174. Modeled short-term electric sector marginal emissions rates (lb per MWh) ........................ 365 

Table 175. RE Factor ................................................................................................................................. 365 



  

Synapse Energy Economics, Inc. AESC 2021 xvii  

Table 176. Electric sector non-embedded costs in Counterfactual #1, WCMA (2021 $ per kWh) ........... 366 

Table 177. Non-electric non-embedded costs for CO2 in Counterfactual #1, all states (2021 $ per MMBtu)

 .................................................................................................................................................................. 367 

Table 178. Non-electric non-embedded costs for NOX in Counterfactual #1, all states (2021 $ per 

MMBtu) ..................................................................................................................................................... 368 

Table 179. Matrix of reliability sources ..................................................................................................... 372 

Table 180. Variables used in summer peak model ................................................................................... 388 

Table 181. Ratios of forecast reduction with minor dispatch errors, as a percentage of forecast reduction 

from perfect dispatch ............................................................................................................................... 399 

Table 182. Ratios of forecast reduction with even more imperfect dispatch, as a percentage of 

forecasted reduction from perfect dispatch ............................................................................................. 399 

Table 183. Ratio of forecast reduction to load reduction, by years and days per year ............................ 403 

Table 184. Ratio of forecast reduction to load reduction, imperfect dispatch ........................................ 405 

Table 185. Effect of individual day load reductions on reduction ratios .................................................. 407 

 

  



  

Synapse Energy Economics, Inc. AESC 2021 xviii  

[L{¢ hC !/whb¸a{ 

AESC  Avoided energy supply component/ cost 

AEO  Annual Energy Outlook 

Bcf  Billion cubic feet 

CAGR  Compound annual growth rate 

CEC  Clean Energy Certificate 

CES  Clean Energy Standard  

CCS  Carbon capture and sequestration 

DOER  Massachusetts Department of Energy Resources 

DRIPE  Demand reduction induced price effects 

EIA  U.S. Energy Information Administration 

FCA  Forward capacity auction 

FCM  Forward capacity market 

GWSA  Global Warming Solutions Act 

HDD  Heating degree day  

IPCC  Intergovernmental Panel on Climate Change 

ISO  Independent system operator 

LDC  Local distribution company 

LMP   Locational marginal price 

LNG  Liquefied natural gas 

LSE  Load-serving entity 

MMcf  Million cubic feet 

Net ICR  Net installed capacity requirement 

PTF  Pool transmission facilities 

REC  Renewable energy certificate 

RGGI  Regional Greenhouse Gas Initiative 

RNG  Renewable natural gas 

RPS  Renewable portfolio standard 

VoLL  Value of lost load 



  

Synapse Energy Economics, Inc. AESC 2021 xix  

[L{¢ hC !¦¢Ihw{ 

Synapse Energy Economics 

Pat Knight 

Max Chang 

Jamie Hall 

David White, PhD 

Jason Frost 

Ben Havumaki 

Caitlin Odom 

Divita Bhandari 

Courtney Lane 

Asa Hopkins, PhD 

Jackie Litynksi 

Shelley Kwok 

Bruce Biewald 

Resource Insight 

Paul Chernick 

Jay Harvey 

Les Deman Consulting 

Les Deman 

Northside Energy 

John Rosenkranz 

Sustainable Energy Advantage 

Jason Gifford 

Po-Yu Yuen

 

For questions on AESC 2021, contact Pat Knight at pknight@synapse-energy.com   

mailto:pknight@synapse-energy.com


  

Synapse Energy Economics, Inc. AESC 2021 1  

1. 9·9/¦¢L±9 {¦aa!w¸ 

This document is the 2021 Avoided Energy Supply Component (AESC) Study (AESC 2021). AESC 2021 

contains cost streams of marginal energy supply components that can be avoided in future years due to 

reductions in the use of electricity, natural gas, and other fuels as a result of program-based energy 

efficiency or other demand-side measures across all six New England states.  

The AESC Study provides estimates of avoided costs associated with energy efficiency measures for 

program administrators throughout New England states for purposes of both internal decision-making 

and regulatory filings. To determine the values of energy efficiency and other demand-side measures, 

avoided costs are calculated and provided for each New England state in a hypothetical future in which 

the New England program administrators do not install any new demand-side measures in 2021 or later 

years. bŜǿ ǘƻ ǘƘƛǎ ȅŜŀǊΩǎ ǎǘǳŘȅΣ AESC 2021 features four different counterfactuals:  

¶ Counterfactual #1: A future in which program administrators install no new energy 
efficiency, building electrification, or active demand management (demand response 
and energy storage) resources in 2021 or later years. 

¶ Counterfactual #2: A future in which program administrators install no new building 
electrification resources in 2021 or later years. This future does model some amount of 
energy efficiency and active demand management resources installed by the program 
administrators.  

¶ Counterfactual #3: A future in which program administrators install no new energy 
efficiency resources in 2021 or later years. This future does model some amount of 
building electrification and active demand management resources installed by the 
program administrators. 

¶ Counterfactual #4: A future in which program administrators install no new energy 
efficiency resources in 2021 or later years. This future does model some amount of 
building electrification installed by the program administrators but does not include any 
active demand management resources installed by the program administrators. 

Because each AESC counterfactual represents a hypothetical future that lacks some amount of 

anticipated demand-side measures, AESC 2021 should not be used to infer information about actual 

future market conditions, energy prices, or resource builds in New England. Furthermore, actual prices 

in the future will be different than the long-term prices calculated in this study since actual future prices 

will be subject to short-term variations in energy markets that are unknowable at this point in time. 

Note also that these caveats may also apply to sensitives modeled in the AESC 2021 Study (see Chapter 

12 for more information). 

As in previous AESC studies, this study examines avoided costs of energy, capacity, natural gas, fuel oil, 

other fuels, other environmental costs, and demand reduction induced price effects (DRIPE). Also, AESC 

2021 relies upon a combination of models to estimate each one of these avoided costs for each future 

year. As in AESC 2018, this study provides avoided energy costs on an hourly basis. This allows users of 
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the report to estimate avoided costs specific to a broad array of active demand response programs, 

including active load management and peak load shifting programs. Other avoided costs (e.g., natural 

gas, fuel oil) are provided at the time resolutions that are most appropriate for their markets (e.g., daily, 

seasonal, or annual). 

On a 15-year levelized basis, in real 2021 dollars, the AESC 2021 Study estimates that direct avoided 

retail energy costs are approximately 4 cents per kWh for Counterfactual #1, and direct avoided gas 

costs are $6 per MMBtu, although these vary on the specific location and end-use. Compared to 2018 

AESC, we find: 

¶ Generally lower avoided costs of energy, due to sustained low natural gas prices at 
national hubs, lower estimated costs of complying with the Regional Greenhouse Gas 
Initiative (RGGI), and increased quantities of zero-marginal-cost renewables. 

¶ Generally lower avoided costs of capacity due to a relatively flat supply curve based on 
observations of recent forward capacity auctions. 

¶ Generally lower avoided costs of natural gas, based on lower long-term projections of 
wholesale natural gas prices. Avoided natural gas costs for retail end-users are also 
lower than in AESC 2018; but because incremental gas pipeline expansion costs are 
assumed to be higher, the change in avoided costs at the end-user level is not as large as 
the reduction in gas commodity prices. 

¶ Generally higher avoided costs for fuel oil and other fuels, due to updates to recent 
historical data in the underlying sources in the sources used to calculate these values. 

¶ Generally higher avoided costs for renewable portfolio standard (RPS) compliance. This 
is primarily due to recent (or anticipated) increases in RPS target obligations combined 
with expected increases in load due to electrification.  

¶ Lower energy DRIPE and capacity DRIPE values, due to changes in utility long-term 
energy purchases, updated market data, and new commodity forecasts. Natural gas 
DRIPE and oil DRIPE values are also lower due to similar changes. 

¶ Both higher and lower non-embedded costs for environmental regulations that are not 
otherwise included in the above projections (e.g., carbon dioxide, CO2, and nitrogen 
oxides, NOX) depending on the approach used to calculate this number. AESC 2021 
presents a number of different non-embedded costs for use in different state policy 
contexts. 

¶ Lower avoided costs for pooled transmission facility (PTF) costs, as a result of a switch to 
a forward-looking methodology (AESC 2018 utilized a historical methodology). AESC 
2021 also presents additional methodologies for quantifying localized and non-PTF 
transmission and distribution avoided costs. 

¶ Generally lower avoided costs for reliability, due to a flatter supply capacity market 
supply curve. This is in spite of a higher estimate for value of lost load (VoLL), 
determined through newly available data sources. 
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AESC 2021 provides detailed projections of avoided costs by year for an initial 15-year period based on 

modeling (2021 through 2035), and a second period based on extrapolation of values from this first 

period (2036 through 2055).1 All values in this document are described in terms of real 2021 dollars, 

unless noted otherwise. In many cases, we provide 15-year (2021ς2035) levelized values of avoided 

costs for ease of reporting and comparison with earlier AESC studies. See Appendix E: Common Financial 

Parameters for more information on financial parameters used in this analysis. 

1.1. Background to the AESC Study 

As in previous AESC studies, the AESC 2021 Study was sponsored by a group of electric and gas utilities 

and other efficiency program administrators (together, referred to as program administrators). The 

study sponsors, along with other parties (including representatives from state governments, consumer 

advocacy organizations, and environmental advocacy organizations and their consultants) formed a 

Study Group to oversee the design and production of the analysis and report. 

Study sponsors for the AESC 2021 Study include: Berkshire Gas Company, Cape Light Compact, Liberty 

Utilities, National Grid USA, Eversource (Connecticut Light and Power, NSTAR Electric and Gas Company, 

Western Massachusetts Electric Company, Public Service Company of New Hampshire, and Yankee Gas), 

New Hampshire Electric Co-op, Columbia Gas of Massachusetts, Unitil (Fitchburg Gas and Electric Light 

Company, Unitil Energy Systems, Inc. and Northern Utilities), United Illuminating, Southern Connecticut 

Gas and Connecticut Natural Gas, Efficiency Maine, and the State of Vermont. Other parties represented 

in the Study Group include: Acadia Center, Connecticut Department of Energy and Environmental 

Protection, Connecticut Energy Efficiency Board, Maine Public Utilities Commission, Massachusetts 

Energy Efficiency Advisory Council, Massachusetts Clean Energy Center, Massachusetts Department of 

Public Utilities, Massachusetts Department of Energy Resources, Massachusetts Department of 

Environmental Protection, Massachusetts Attorney General, Massachusetts Low-Income Energy 

Affordability Network (LEAN), New Hampshire Office of Consumer Advocate, New Hampshire Public 

Utilities Commission, Rhode Island Division of Public Utilities and Carriers, Rhode Island Energy Efficiency 

and Resource Management Council, Rhode Island Office of Energy Resources, Vermont Department of 

Public Service, and Vermont Energy Investment Corporation / Efficiency Vermont. 

After developing the scope for the 2021 study, the study sponsors selected Synapse Energy Economics 

(Synapse) as the lead contractor of the study. Synapse was joined by subcontractors Resource Insight, 

Sustainable Energy Advantage, Les Deman Consulting, and North Side Energy (together, the Synapse 

Team).  

 

1 This extrapolation is described in detail in Appendix A: Usage Instructions. 



  

Synapse Energy Economics, Inc. AESC 2021 4  

1.2. Summary of avoided costs 

The following section provides a summary of the avoided costs for each category of costs calculated 

under the AESC 2021 Study. These categories include costs that can be applied to energy efficiency 

measures that avoid electricity (energy, capacity, DRIPE, RPS, etc.) while others are related to energy 

efficiency measures that avoid other types of energy consumption. ES-Table 1 provides an illustration of 

summer on-peak avoided cost components for electricity for the West/Central Massachusetts (WCMA) 

zone for Counterfactual #1, and how these components compare to the avoided costs from the previous 

AESC 2018 study for informational purposes. ES-Table 2, ES-Table 3, and ES-Table 4 provide analogous 

comparative information for Counterfactuals #2, #3, and #4, respectively.  

In general, the Synapse Team finds that lower wholesale natural gas prices drive lower avoided energy 

costs, relative to AESC 2018. We also find that avoided cost of RPS compliance in AESC 2021 are 

generally higher than those projected in AESC 2018. This is primarily due to recent (or anticipated) 

increases in RPS target obligations combined with expected increases in load due to electrification). We 

find that projections of flatter supply curves in future years cause avoided capacity, energy DRIPE, and 

capacity DRIPE values to be lower.  

Note that comparisons between 15-year levelized costs in AESC 2021 and AESC 2018 are not directly 

άŀǇǇƭŜǎ-to-ŀǇǇƭŜǎΦέ ²ƘƛƭŜ ōƻǘƘ ŎŀƭŎǳƭŀǘƛƻƴǎ display levelized costs over 15 years (in real 2021 dollars), 

each levelization calculation is done over two different 15-year periods (2018 to 2032 for AESC 2018, 

and 2021 to 2035 for AESC 2021). Assumptions on prices and loads aside, the time periods spanned by 

each of these levelization calculations may contain fundamentally different data on the New England 

electric system, including differences in terms of online units and market rules.  
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ES-Table 1. Illustration of avoided retail summer on-peak electricity cost components, AESC 2021 Counterfactual 
#1 versus AESC 2018 

 AESC 2018 AESC 2018 AESC 2021 
AESC 2021,  
relative to  
AESC 2018 Notes 

 2018 
cents/kWh 

2021 
cents/kWh 

2021 
cents/kWh 

2021 
cents/kWh 

% 
Difference 

       

Avoided Retail Capacity Costs 2.00 2.11 1.18 -0.93 -44% 3,4,5,6 

Avoided Retail Energy Costs 5.05 5.32 3.85 -1.48 -28% 5,7,8 

Avoided RPS Compliance 0.39 0.41 1.28 0.86 208% 5,7,9 

Subtotal: Capacity and Energy 7.48 7.85 6.30 -1.55 -20%  

       

GHG non-embedded 2.69 2.83 4.74 1.91 67% 5,10 

NOX non-embedded 0.18 0.19 0.08 -0.11 -55% 5 

Transmission & Distribution (PTF) 2.26 2.38 2.02 -0.36 -15% 3,5,11 

Value of Reliability 0.02 0.02 0.01 -0.01 -32% 3,5,6,12 

       

Electric capacity DRIPE 0.97 1.03 0.41 -0.62 -60% 5,6 

Electric energy and cross-DRIPE 2.08 2.19 1.20 -0.99 -45% 5,7,13 

Subtotal: DRIPE 3.05 3.22 1.61 -1.60 -50% - 

       

Total 15.68 16.49 14.77 -1.72 -10% - 

Notes:  
1. Values are shown for the WCMA reporting zone, summer on-peak, on a 15-year levelized basis; all values are in 2021 dollars 
unless otherwise stated.  
2. AESC 2018 data is from ES-Table 1 in AESC 2018. AESC 2018 values levelized (2018-2032) escalated with a factor of 1.05 to 
convert 2018 dollars to 2021 dollars. We observe that the total cost in AESC 2018 was 16.05 cents per kWh in 2018 dollars or 
16.91 cents per kWh in 2021 dollars.  
3. Assumes load factor of 55% 
4. Avoided cost of capacity purchases: 
     AESC 2018 cost (2018 $/kW-year) of $83/kW-year 
     AESC 2021 cost (2021 $/kW-year) of $49/kW-year 
5. Includes T&D loss adjustments of: 
     9.0% for energy 
     16.0% for peak demand 
     These adjustments are also applied to AESC 2018 values, some of wƘƛŎƘ ǳǎŜŘ ŀƴ у҈ ¢ϧ5 ƭƻǎǎ ŦŀŎǘƻǊ ƛƴ ǘƘŀǘ ǎǘǳŘȅΩǎ 9{-Table 1 
6. This table assumes that 100% of capacity, capacity DRIPE, and reliability values are cleared or bid into the capacity market 
7. Includes wholesale risk premium adjustment of 8.0% 
8. Avoided wholesale energy cost (2021 $/MWh) of $33/MWh 
9. Avoided RPS compliance cost of $12/MWh 
10. Assumes non-embedded GHG cost based on New England MAC (electric sector) 
11. Assumes pooled transmission facility (PTF) cost (2021 $/kW-year) of $84/kW-year. This value does not include avoided costs 
related to non-PTF facilities or local T&D systems. 
12. Assumes reliability value (2021 $/kW-year) of $0.47/kW-year, and a VOLL of $73/kWh 
моΦ ά9ƭŜŎǘǊƛŎ ŜƴŜǊƎȅ ŀƴŘ ŎǊƻǎǎ-5wLt9έ ƛǎ ǘƘŜ ǎǳƳ ƻŦ ŜƭŜŎǘǊƛŎ ŜƴŜǊƎȅΣ D-E cross-DRIPE and E-G-E cross-DRIPE. In both AESC 2018 
and AESC 2021, these DRIPE values represent the Massachusetts-wide (zone-on-zone) value, but not the Rest-of-Pool amount. 



  

Synapse Energy Economics, Inc. AESC 2021 6  

ES-Table 2. Illustration of avoided retail summer on-peak electricity cost components, AESC 2021 Counterfactual 
#2 versus AESC 2018 

 AESC 2018 AESC 2018 AESC 2021 
AESC 2021,  
relative to  
AESC 2018 Notes 

 2018 
cents/kWh 

2021 
cents/kWh 

2021 
cents/kWh 

2021 
cents/kWh 

% 
Difference 

       

Avoided Retail Capacity Costs 2.00 2.11 1.16 -0.95 -45% 3,4,5,6 

Avoided Retail Energy Costs 5.05 5.32 3.63 -1.69 -32% 5,7,8 

Avoided RPS Compliance 0.39 0.41 0.98 0.56 136% 5,7,9 

Subtotal: Capacity and Energy 7.48 7.85 5.77 -2.08 -26%  

       

GHG non-embedded 2.69 2.83 5.08 2.25 79% 5,10 

NOX non-embedded 0.18 0.19 0.08 -0.11 -55% 5 

Transmission & Distribution (PTF) 2.26 2.38 2.02 -0.36 -15% 3,5,11 

Value of Reliability 0.02 0.02 0.01 -0.01 -33% 3,5,6,12 

       

Electric capacity DRIPE 0.97 1.03 0.39 -0.64 -62% 5,6 

Electric energy and cross-DRIPE 2.08 2.19 1.08 -1.11 -51% 5,7,13 

Subtotal: DRIPE 3.05 3.22 1.47 -1.75 -54% - 

       

Total 15.68 16.49 14.43 -2.05 -12% - 

Notes:  
1. Values are shown for the WCMA reporting zone, summer on-peak, on a 15-year levelized basis; all values are in 2021 dollars 
unless otherwise stated.  
2. AESC 2018 data is from ES-Table 1 in AESC 2018. AESC 2018 values levelized (2018-2032) escalated with a factor of 1.05 to 
convert 2018 dollars to 2021 dollars. We observe that the total cost in AESC 2018 was 16.05 cents per kWh in 2018 dollars or 
16.91 cents per kWh in 2021 dollars. 
3. Assumes load factor of 55% 
4. Avoided cost of capacity purchases: 
     AESC 2018 cost (2018 $/kW-year) of $83/kW-year 
     AESC 2021 cost (2021 $/kW-year) of $48/kW-year 
5. Includes T&D loss adjustments of: 
     9.0% for energy 
     16.0% for peak demand 
     These adjustments are also applied to AESC 2018 values, some of whƛŎƘ ǳǎŜŘ ŀƴ у҈ ¢ϧ5 ƭƻǎǎ ŦŀŎǘƻǊ ƛƴ ǘƘŀǘ ǎǘǳŘȅΩǎ 9{-Table 1 
6. This table assumes that 100% of capacity, capacity DRIPE, and reliability values are cleared or bid into the capacity market 
7. Includes wholesale risk premium adjustment of 8.0% 
8. Avoided wholesale energy cost (2021 $/MWh) of $31/MWh 
9. Avoided RPS compliance cost of $9/MWh 
10. Assumes non-embedded GHG cost based on New England MAC (electric sector) 
11. Assumes pooled transmission facility (PTF) cost (2021 $/kW-year) of $84/kW-year. This value does not include avoided costs 
related to non-PTF facilities or local T&D systems. 
12. Assumes reliability value (2021 $/kW-year) of $0.46/kW-year, and a VOLL of $73/kWh 
моΦ ά9ƭŜŎǘǊƛŎ ŜƴŜǊƎȅ ŀƴŘ ŎǊƻǎǎ-5wLt9έ ƛǎ ǘƘŜ ǎǳƳ ƻŦ ŜƭŜŎǘǊƛŎ ŜƴŜǊƎȅΣ D-E cross-DRIPE and E-G-E cross-DRIPE. In both AESC 2018 
and AESC 2021, these DRIPE values represent the Massachusetts-wide (zone-on-zone) value, but not the Rest-of-Pool amount. 
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ES-Table 3. Illustration of avoided retail summer on-peak electricity cost components, AESC 2021 Counterfactual 
#3 versus AESC 2018 

 AESC 2018 AESC 2018 AESC 2021 
AESC 2021,  
relative to  
AESC 2018 Notes 

 2018 
cents/kWh 

2021 
cents/kWh 

2021 
cents/kWh 

2021 
cents/kWh 

% 
Difference 

       

Avoided Retail Capacity Costs 2.00 2.11 1.22 -0.88 -42% 3,4,5,6 

Avoided Retail Energy Costs 5.05 5.32 3.92 -1.40 -26% 5,7,8 

Avoided RPS Compliance 0.39 0.41 1.40 0.98 237% 5,7,9 

Subtotal: Capacity and Energy 7.48 7.85 6.54 -1.31 -17%  

       

GHG non-embedded 2.69 2.83 4.68 1.85 65% 5,10 

NOX non-embedded 0.18 0.19 0.08 -0.11 -55% 5 

Transmission & Distribution (PTF) 2.26 2.38 2.02 -0.36 -15% 3,5,11 

Value of Reliability 0.02 0.02 0.01 -0.01 -32% 3,5,6,12 

       

Electric capacity DRIPE 0.97 1.03 0.41 -0.62 -60% 5,6 

Electric energy and cross-DRIPE 2.08 2.19 1.21 -0.98 -45% 5,7,13 

Subtotal: DRIPE 3.05 3.22 1.62 -1.60 -50% - 

       

Total 15.68 16.49 14.96 -1.52 -9% - 

Notes:  
1. Values are shown for the WCMA reporting zone, summer on-peak, on a 15-year levelized basis; all values are in 2021 dollars 
unless otherwise stated.  
2. AESC 2018 data is from ES-Table 1 in AESC 2018. AESC 2018 values levelized (2018-2032) escalated with a factor of 1.05 to 
convert 2018 dollars to 2021 dollars. We observe that the total cost in AESC 2018 was 16.05 cents per kWh in 2018 dollars or 
16.91 cents per kWh in 2021 dollars. 
3. Assumes load factor of 55% 
4. Avoided cost of capacity purchases: 
     AESC 2018 cost (2018 $/kW-year) of $83/kW-year 
     AESC 2021 cost (2021 $/kW-year) of $51/kW-year 
5. Includes T&D loss adjustments of: 
     9.0% for energy 
     16.0% for peak demand 
     These adjustments are also applied to AESC 2018 values, some of which used an 8% T&D loss factƻǊ ƛƴ ǘƘŀǘ ǎǘǳŘȅΩǎ 9{-Table 1 
6. This table assumes that 100% of capacity, capacity DRIPE, and reliability values are cleared or bid into the capacity market 
7. Includes wholesale risk premium adjustment of 8.0% 
8. Avoided wholesale energy cost (2021 $/MWh) of $33/MWh 
9. Avoided RPS compliance cost of $13/MWh 
10. Assumes non-embedded GHG cost based on New England MAC (electric sector) 
11. Assumes pooled transmission facility (PTF) cost (2021 $/kW-year) of $84/kW-year. This value does not include avoided costs 
related to non-PTF facilities or local T&D systems. 
12. Assumes reliability value (2021 $/kW-year) of $0.47/kW-year, and a VOLL of $73/kWh 
моΦ ά9ƭŜŎǘǊƛŎ ŜƴŜǊƎȅ ŀƴŘ ŎǊƻǎǎ-5wLt9έ ƛǎ ǘƘŜ ǎǳƳ ƻŦ ŜƭŜŎǘǊƛŎ ŜƴŜǊƎȅΣ D-E cross-DRIPE and E-G-E cross-DRIPE. In both AESC 2018 
and AESC 2021, these DRIPE values represent the Massachusetts-wide (zone-on-zone) value, but not the Rest-of-Pool amount. 
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ES-Table 4. Illustration of avoided retail summer on-peak electricity cost components, AESC 2021 Counterfactual 
#4 versus AESC 2018 

 AESC 2018 AESC 2018 AESC 2021 
AESC 2021,  
relative to  
AESC 2018 Notes 

 2018 
cents/kWh 

2021 
cents/kWh 

2021 
cents/kWh 

2021 
cents/kWh 

% 
Difference 

       

Avoided Retail Capacity Costs 2.00 2.11 1.22 -0.89 -42% 3,4,5,6 

Avoided Retail Energy Costs 5.05 5.32 3.90 -1.42 -27% 5,7,8 

Avoided RPS Compliance 0.39 0.41 1.40 0.98 237% 5,7,9 

Subtotal: Capacity and Energy 7.48 7.85 6.52 -1.33 -17%  

       

GHG non-embedded 2.69 2.83 4.69 1.86 66% 5,10 

NOX non-embedded 0.18 0.19 0.08 -0.11 -55% 5 

Transmission & Distribution (PTF) 2.26 2.38 2.02 -0.36 -15% 3,5,11 

Value of Reliability 0.02 0.02 0.01 -0.01 -32% 3,5,6,12 

       

Electric capacity DRIPE 0.97 1.03 0.41 -0.62 -60% 5,6 

Electric energy and cross-DRIPE 2.08 2.19 1.21 -0.98 -45% 5,7,13 

Subtotal: DRIPE 3.05 3.22 1.62 -1.60 -50% - 

       

Total 15.68 16.49 14.94 -1.54 -9% - 

Notes:  
1. Values are shown for the WCMA reporting zone, summer on-peak, on a 15-year levelized basis; all values are in 2021 dollars 
unless otherwise stated.  
2. AESC 2018 data is from ES-Table 1 in AESC 2018. AESC 2018 values levelized (2018-2032) escalated with a factor of 1.05 to 
convert 2018 dollars to 2021 dollars. We observe that the total cost in AESC 2018 was 16.05 cents per kWh in 2018 dollars or 
16.91 cents per kWh in 2021 dollars. 
3. Assumes load factor of 55% 
4. Avoided cost of capacity purchases: 
     AESC 2018 cost (2018 $/kW-year) of $83/kW-year 
     AESC 2021 cost (2021 $/kW-year) of $50/kW-year 
5. Includes T&D loss adjustments of: 
     9.0% for energy 
     16.0% for peak demand 
     These adjustments are also applied to AESC 2018 values, some of which used an 8% T&D loss factƻǊ ƛƴ ǘƘŀǘ ǎǘǳŘȅΩǎ 9{-Table 1 
6. This table assumes that 100% of capacity, capacity DRIPE, and reliability values are cleared or bid into the capacity market 
7. Includes wholesale risk premium adjustment of 8.0% 
8. Avoided wholesale energy cost (2021 $/MWh) of $33/MWh 
9. Avoided RPS compliance cost of $13/MWh 
10. Assumes non-embedded GHG cost based on New England MAC (electric sector) 
11. Assumes pooled transmission facility (PTF) cost (2021 $/kW-year) of $84/kW-year. This value does not include avoided costs 
related to non-PTF facilities or local T&D systems. 
12. Assumes reliability value (2021 $/kW-year) of $0.47/kW-year, and a VOLL of $73/kWh 
моΦ ά9ƭŜŎǘǊƛŎ ŜƴŜǊƎȅ ŀƴŘ ŎǊƻǎǎ-5wLt9έ ƛǎ ǘƘŜ ǎǳƳ ƻŦ ŜƭŜŎǘǊƛŎ ŜƴŜǊƎȅΣ D-E cross-DRIPE and E-G-E cross-DRIPE. In both AESC 2018 
and AESC 2021, these DRIPE values represent the Massachusetts-wide (zone-on-zone) value, but not the Rest-of-Pool amount. 
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Natural gas 

At a high level, AESC 2021 assumes that Henry Hub natural gas prices are lower, and stay lower longer, 

relative to the assumptions used in AESC 2018. The levelized price basis for the New England market, as 

measured by the Algonquin Citygate price, is also lower. 

On a 15-year levelized basis (see ES-Table 5), AESC 2021 projects a Henry Hub price of $3.15 per MMBtu 

(levelized over 2021 to 2035), 34.0 percent lower than the AESC 2018 value of $4.78 per MMBtu 

(levelized over 2018 to 2032). We attribute the decrease in Henry Hub prices to higher volumes of 

associated gas production and another downward adjustment in breakeven drilling and operating costs 

in the major shale and tight gas producing regions compared to AESC 2018.2 Breakeven costs have been 

on a downward trend as a result of improvements in horizontal drilling technology and better 

information on the geology and geophysics of shale reservoirs.3 Algonquin Citygate Hub prices show a 

slightly larger decline because the basis projections are lower in AESC 2021 (a smaller differential to 

Henry Hub) as a result of additional pipeline capacity and changing pricing dynamics between northeast 

and Gulf Coast gas markets. 

ES-Table 5. Summary of 15-year levelized Henry Hub, Algonquin Citygate, and basis differentials for AESC 2021 
and AESC 2018 

 Units Henry Hub 
Algonquin 
Citygates 

Basis 

AESC 2018 (2018ς2032) 2021 $/MMBtu $4.78  $6.59 $1.24  
AESC 2021 (2021ς2035) 2021 $/MMBtu $3.15  $4.20 $1.05  

Percent change % -34.0% -36.2% - 

Notes: All values are in 2021 $/MMBtu. AESC 2018 levelized costs are for 15 years (2018ς2032) at a discount rate of 1.34 
percent. AESC 2018 levelized costs are for 15 years (2021ς2035) at a discount rate of 0.81 percent. 

The avoided costs of natural gas for retail customers are summarized below (see ES-Table 6). For both 

southern New England and northern New England avoided natural gas costs are lower in AESC 2021 

compared to AESC 2018, but because pipeline expansion costs are assumed to be higher, the change in 

avoided costs is not as large as the reduction in wholesale commodity prices. Northern New England 

avoided costs remain slightly lower relative to southern New England because natural gas delivered 

through Canada has become a significant marginal resource, as new pipeline capacity from the 

Marcellus Shale region has reduced the Dawn Hub price basis compared to the Henry Hub. Since the 

northern New England market is closer to this source of supply, the avoidable pipeline delivery cost is 

lower than it is for southern New England. For Vermont (not shown in ES-Table 6) avoided natural gas 

costs are also lower than in AESC 2018 because of lower projected natural gas prices at the Dawn Hub. 

 

2 Associated gas is essentially a byproduct in the production of crude oil. This gas will be produced (or flared) as long as oil 

production is economic, irrespective of the price of natural gas. 

3 ¦Φ{Φ 9ƴŜǊƎȅ LƴŦƻǊƳŀǘƛƻƴ !ŘƳƛƴƛǎǘǊŀǘƛƻƴ ό9L!ύΦ άDrilling Productivity ReportΦέ https://www.eia.gov/petroleum/drilling/. 

February 16, 2021. 

https://www.eia.gov/petroleum/drilling/
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ES-Table 6. Avoided costs of gas for all retail customers by end-use assuming no avoidable margin 

 Units 
Southern New 

England 
Northern New 

England 
AESC 2018 (2018ς2032) 2021 $/MMBtu $7.91 $7.57 
AESC 2021 (2021ς2035) 2021 $/MMBtu $6.48 $6.39 

Percent change % -18% -16% 

Note: AESC also calculates the avoided cost of gas for retail customers assuming some avoidable margin, 

and avoided costs for customers in Vermont. This additional detail is described in Chapter 0:   
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Avoided Natural Gas Costs. 

ES-Table 8 compares the natural gas avoided costs described in ES-Table 6 with a non-embedded cost 

for GHGs. For consistency with ES-Table 1 and other similar tables, the non-embedded GHG cost shown 

here is the marginal abatement cost derived from the New England electric sector. We observe that the 

non-embedded GHG cost is roughly equal to the avoided cost of natural gas, which matches our 

observations in ES-Table 1, where the non-embedded cost is slightly greater than the avoided cost of 

energy. 

ES-Table 7. Avoided costs of gas, with and without non-embedded GHG cost 

 Units 
Southern New 

England 
Northern New 

England 

Avoided cost (from ES-Table 6) 2021 $/MMBtu $6.48 $6.39 

Non-embedded GHG cost 2021 $/MMBtu $7.32 $7.32 

Avoided cost with non-embedded GHG cost 2021 $/MMBtu $13.80 $13.71 

Note: !ǾƻƛŘŜŘ Ŏƻǎǘǎ ŘƛŦŦŜǊ ŘŜǇŜƴŘƛƴƎ ƻƴ ǊŜƎƛƻƴΣ ŀƴŘ ǿƘŜǘƘŜǊ ƻǊ ƴƻǘ ǊŜǘŀƛƭ ƳŀǊƎƛƴǎ ŀǊŜ ƛƴŎƭǳŘŜŘΦ ¢ƘŜ άƴƻƴ-ŜƳōŜŘŘŜŘ DID Ŏƻǎǘέ 
shown here is the marginal abatement cost derived from the New England electric sector. 

Fuel oil and other fuels 

In general, we find that avoided levelized costs for residential fuel oil and other fuels are generally 

higher than was estimated in AESC 2018, except for the levelized costs for commercial residual fuel oil 

and biofuels which are lower than was estimated in AESC 2018. The primary sources of these differences 

are changes in historical prices from the State Energy Data System (SEDS) and changes in the projected 

price of crude oil, which underlies many of the cost projections. ES-Table 8 displays the levelized 

avoided fuel costs for AESC 2021. New in AESC 2021 are avoided cost projections for motor gasoline and 

motor diesel.  

ES-Table 8. Avoided costs of retail fuels (15-year levelized, 2021 $ per MMBtu) 

 Residential Commercial Transportation 
 No. 2 

Distill-
ate 

Pro-
pane 

Kero-
sene 

Bio-
Fuel 
(B20) 

Cord 
Wood 

Wood 
Pellets 

No. 2 
Distillate 

No. 6 
Resid-

ual 

Motor 
Gasoline 

Motor 
Diesel 

AESC 2018 $23.36  $32.78  $20.95  $24.06  $14.12  $22.76  $19.46  $17.13  - - 

AESC 2021 $24.04  $38.79  $29.59  $21.64  $20.84  $22.47  $22.25  $15.74  $22.07 $22.76 

Percent change 2.9% 18.3% 41.3% -10.1% 47.6% -1.3% 14.3% -8.2% - - 

 

The retail fuels avoided costs for AESC 2021 are similar to those of AESC 2018 for distillate fuels. The 

more significant differences between AESC 2021 and AESC 2018 observed in other fuels are primarily 

driven by changes in the starting prices based on recent historical data. There have been significant 

residential price increases for propane in recent years, perhaps associated with distribution costs. For 

non-wood products, AESC 2021 starts with the 2018 New England fuel prices in the U.S. Energy 

Information Administration (EIA) State Energy Data System (SEDS). It then makes adjustments to match 
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the most recent national prices from the EIA Short Term Energy Outlook (STEO). For the near term, fuel 

ƻƛƭ ǇǊƛŎŜǎ Ŧƻƭƭƻǿ ǘƘŜ {¢9hΩǎ ŎǊǳŘŜ ƻƛƭ ǇǊƛŎŜ ŦƻǊŜŎŀǎǘ for 2021. Meanwhile, for 2022 and later years, we 

rely on projections in the AEO 2021 Reference case. For biofuels, the B20 blend shown in the table is 

discounted at about 10 percent below distillate. All sector propane prices are consistently higher than 

distillate prices for all years in SEDS.  

For residential wood fuels, AESC 2021 surveyed various state energy sources, which gave much higher 

cord wood prices than those used in AESC 2018. Wood pellet prices were however about the same. 

Wood prices are then projected to increase in the future following the trend in crude oil prices reflecting 

competitive market factors. 

Capacity 

AESC 2021 develops capacity prices for annual commitment periods starting in June 2021 under each of 

the four counterfactuals (see ES-Table 9). The capacity prices (and resulting avoided capacity costs) are 

ŘǊƛǾŜƴ ōȅ ŀŎǘǳŀƭ ŀƴŘ ŦƻǊŜŎŀǎǘ ŎƭŜŀǊƛƴƎ ǇǊƛŎŜǎ ƛƴ L{h bŜǿ 9ƴƎƭŀƴŘΩǎ CƻǊǿŀǊŘ /ŀǇŀŎƛǘȅ aŀǊƪŜǘ όC/aύΦ ¢ƘŜ 

forecast capacity prices are based on the experience in recent auctions and expected changes in 

demand, supply, and market rules. These prices are applied differently for cleared resources, non-

cleared energy efficiency, and non-cleared demand response.  

On a 15-year levelized basis, Counterfactual #1 of the AESC 2021 forecast is 47 percent lower than what 

was estimated as a 15-year levelized price in the 2018 AESC study. Counterfactual #2 is 48 percent 

lower, while Counterfactual #3 and #4 are both 45 percent lower. In general, Counterfactual #2 has 

lower capacity prices due to a lower projection of load, while Counterfactuals #1, #3, and #4 feature 

relatively similar capacity prices, due to similar projections of annual loads. Market-clearing prices in the 

out-years are principally determined by future changes in supply (including additions of battery storage, 

solar, wind, and occasionally new natural gas-fired power plants; as well as and retirements of thermal 

generation) and future changes in demand. Small year-on-year variations are due to changes in load, 

new resources coming online, and other resources retiring.  
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ES-Table 9. AESC 2018 capacity prices (2021 $ per kW-month) 

Commitment 
Period 

(June to May) 
FCA Actual 

Actual but 
for post-
2020 EE 

AESC 2021 
AESC 
2018 

Counter-
factual #1 

Counter-
factual #2 

Counter-
factual #3 

Counter-
factual #4 

2021/2022 12 $4.63 $4.77 $4.77 $4.63 $4.77 $4.77 $4.99 
2022/2023 13 $3.73 $3.96 $3.96 $3.73 $3.96 $3.96 $5.10 
2023/2024 14 $1.92 $2.47 $2.47 $1.92 $2.47 $2.47 $5.21 
2024/2025 15 $2.46 $2.75 $2.75 $2.46 $2.75 $2.75 $5.50 
2025/2026 16   $2.72 $2.69 $2.59 $2.59 $5.95 
2026/2027 17   $2.88 $2.69 $2.75 $2.75 $6.46 
2027/2028 18   $3.11 $3.33 $3.46 $3.43 $6.95 
2028/2029 19   $3.30 $3.30 $3.65 $3.62 $7.45 
2029/2030 20   $3.59 $3.41 $3.94 $3.92 $7.95 
2030/2031 21   $3.42 $3.77 $3.97 $3.94 $6.95 
2031/2032 22   $3.67 $3.81 $3.79 $3.77 $7.45 
2032/2033 23   $3.90 $3.86 $4.02 $3.99 $7.95 
2033/2034 24   $3.86 $4.02 $3.95 $3.92 $6.95 
2034/2035 25   $4.67 $4.47 $5.09 $4.95 $7.45 
2035/2036 26   $3.66 $3.86 $3.73 $3.71 $7.95 

15-year 
levelized cost  

   $3.51 $3.45 $3.65 $3.63 $6.63 

Percent 
difference 

   -47% -48% -45% -45%  

Notes: Levelization periods are 2021/2022 to 2035/2036 for AESC 2021 2018/2019 to 2032/2033 for AESC 2018. Real discount 
rate is 0.81 percent for AESC 2021 and 1.34 percent for AESC 2018. 

Energy 

AESC 2021 modeling results feature a lower ratio of summer peak prices to the annual average 

compared to previous AESC studies. This difference can be attributed to: (1) increased levels of solar 

generation, which are largely coincident with this period and which have a marginal cost of zero dollars 

per MWh, (2) difference in month-to-month wholesale gas costs (which are driven by new recent 

historical data on month-to-month gas costs), and (3) higher levels of zero-marginal cost imports. These 

are the same factors that drove the change in energy prices in AESC 2015 and AESC 2018. 

ES-Table 10 shows levelized costs (over 15 years) for the WCMA reporting region. Prices are shown for 

all hours, and for the four conventional AESC costing periods. On an annual average basis, the 15-year 

levelized prices in Counterfactual #1 of the AESC 2021 study are 20 percent lower than the prices 

modeled in the 2018 AESC study. Key drivers of these lower prices include lower Henry Hub natural gas 

prices, lower RGGI prices, more low- or zero-variable operating cost renewables (caused by changes to 

the RPS in states like Connecticut and Rhode Island), and the addition of a new transmission line from 

Canada. Note that these factors are not listed in a particular order. Energy prices observed in other 

counterfactuals are similar to Counterfactual #1. Counterfactual #2 features the largest divergence, as a 

result of its lower projection of load. This decrease is larger than the change in avoided energy costs 

observed between the 2015 AESC study and the 2018 AESC study.  
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ES-Table 10. Comparison of energy prices for WCMA region (2021 $ per MWh, 15-year levelized) 

 Annual 
All hours 

Winter 
Peak 

Winter 
Off-Peak 

Summer 
Peak 

Summer 
Off-Peak 

AESC 2018 $51.17 $58.66 $54.17 $45.22 $38.69 

AESC 2021 Counterfactual 1 $40.85 $46.86 $45.20 $32.67 $29.86 
AESC 2021 Counterfactual 2 $37.79  $42.98  $41.66  $30.87  $27.95  
AESC 2021 Counterfactual 3 $41.34  $47.43  $45.63  $33.28  $29.93  
AESC 2021 Counterfactual 4 $41.29  $47.40  $45.62  $33.17  $29.87  

Pcnt Change: Counterfactual 1 -20% -20% -17% -28% -23% 
Pcnt Change: Counterfactual 2 -26% -27% -23% -32% -28% 
Pcnt Change: Counterfactual 3 -19% -19% -16% -26% -23% 
Pcnt Change: Counterfactual 4 -19% -19% -16% -27% -23% 

Notes: All prices have been converted to 2021 $ per MWh. Levelization periods are 2018ς2032 for AESC 2018 and 2021ς2035 for 
AESC 2021. The real discount rate is 1.34 percent for AESC 2018 and 0.81 percent for AESC 2021. Prices are wholesale. 

ES-Table 11 compares 15-year levelized costs between AESC 2018 and AESC 2021 for each of the six New 

England states, for Counterfactual #1. These values incorporate the relevant costs of RPS compliance, as 

well as a wholesale risk premium. 
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ES-Table 11. Avoided energy costs, AESC 2021 vs. AESC 2018 (15-year levelized costs, 2021 $ per kWh) 

   Winter 
Peak 

Winter 
Off-Peak 

Summer 
Peak 

Summer 
Off-Peak 

AESC 2021 
Counterfactual 1 

1 Connecticut $0.059 $0.057 $0.043 $0.040 

2 Massachusetts $0.062 $0.060 $0.047 $0.044 
 3 Maine $0.057 $0.056 $0.042 $0.039 
 4 New Hampshire $0.058 $0.057 $0.043 $0.040 
 5 Rhode Island $0.065 $0.064 $0.050 $0.047 
 6 Vermont $0.054 $0.053 $0.039 $0.036 

AESC 2018 1 Connecticut $0.063 $0.059 $0.049 $0.043 
 2 Massachusetts $0.062 $0.058 $0.049 $0.043 
 3 Maine $0.058 $0.054 $0.045 $0.039 
 4 New Hampshire $0.063 $0.060 $0.051 $0.044 
 5 Rhode Island $0.061 $0.057 $0.048 $0.042 
 6 Vermont $0.062 $0.058 $0.049 $0.042 

Delta 1 Connecticut -$0.005 -$0.002 -$0.006 -$0.003 
 2 Massachusetts -$0.001 $0.003 -$0.002 $0.001 
 3 Maine $0.000 $0.002 -$0.003 $0.000 
 4 New Hampshire -$0.005 -$0.003 -$0.008 -$0.004 
 5 Rhode Island $0.003 $0.007 $0.002 $0.005 
 6 Vermont -$0.008 -$0.005 -$0.010 -$0.006 

Percent Change 1 Connecticut -7% -3% -12% -7% 
 2 Massachusetts -1% 5% -4% 2% 
 3 Maine 0% 4% -6% 1% 
 4 New Hampshire -8% -5% -15% -8% 
 5 Rhode Island 6% 12% 5% 12% 
 6 Vermont -13% -8% -20% -14% 

Notes: These costs are the sum of wholesale energy costs and wholesale costs of RPS compliance, increased by a wholesale risk 
premium of 8 percent, except for Vermont, which uses a wholesale risk premium of 11.1 percent. All costs have been converted 
to 2021 dollars per kWh. Levelization periods are 2018ς2032 for AESC 2018 and 2021ς2035 for AESC 2021. The real discount 
rate is 1.34 percent for AESC 2018 and 0.81 percent for AESC 2021. Values do not include losses. 

RPS compliance 

Relative to AESC 2018, AESC 2021 sees much higher prices for meeting RPS compliance (see ES-Table 

12). This difference is attributable to increased supply-demand tension in the near term, resulting in 

higher REC prices compared to AESC 2018, particularly for states that have recently adjusted their RPS 

policies. Even with higher prices, the remainder of the study period is characterized by surplus, with 

policy-mandated purchases exceeding incremental RPS demands. The cost of RPS compliance has also 

increased as a result of the addition of new RPS categories such as Clean Energy Standard-Existing (CES-

E) and Clean Peak Energy Portfolio Standard (CPS) categories in Massachusetts. Increases in the cost of 

RPS compliance in states that have not increased RPS targets (e.g., New Hampshire) are due to an 

increase in REC demand in the New England-wide REC market, of which all six states are participants. 



  

Synapse Energy Economics, Inc. AESC 2021 16  

ES-Table 12. Avoided cost of RPS compliance (2021 $ per MWh) 

 CT ME MA NH RI VT 

AESC 2018 $4.00  $0.55  $3.84  $5.25  $2.57  $2.12  

AESC 2021 Counterfactual 1 $7.93  $7.37  $11.81  $8.10  $14.99  $3.90  
AESC 2021 Counterfactual 2 $4.77  $3.55  $9.04  $6.41  $5.66  $2.67  
AESC 2021 Counterfactual 3 $8.84  $8.56  $12.93  $8.67  $16.81  $4.44  
AESC 2021 Counterfactual 4 $8.84  $8.56  $12.93  $8.67  $16.81  $4.44  

Pcnt Change: Counterfactual 1 98% 1233% 208% 54% 482% 84% 
Pcnt Change: Counterfactual 2 19% 541% 135% 22% 120% 26% 
Pcnt Change: Counterfactual 3 121% 1448% 237% 65% 553% 110% 
Pcnt Change: Counterfactual 4 121% 1448% 237% 65% 553% 110% 

Note: Each state has multiple Classes or Tiers. For simplicity, we sum avoided costs for all non-Class I/New RPS policies together 
ƛƴ ǘƘŜ άŀƭƭ ƻǘƘŜǊ ŎƭŀǎǎŜǎέ ǊƻǿΦ [ŜǾŜƭƛȊŀǘƛƻƴ ǇŜǊƛƻŘǎ ŀǊŜ нлмуς2032 for AESC 2018 and 2021ς2035 for AESC 2021. The real 
discount rate is 1.34 percent for AESC 2018 and 0.81 percent for AESC 2021. AESC 2018 values are from AESC 2018 Chapter 7, 
and have been converted into 2021 dollars. All values include a 9 percent loss factor. 

Non-embedded environmental compliance 

AESC 2021 provides several approaches to enable individual states to address specific policy directives 

regarding greenhouse gas (GHG) impacts. ES-Table 13 and ES-Table 14 compare these costs. 

¶ ! άŘŀƳŀƎŜ Ŏƻǎǘέ ŀǇǇǊƻȄƛƳŀǘŜŘ ōȅ ǘƘŜ ǎƻŎƛŀƭ Ŏƻǎǘ ƻŦ ŎŀǊōƻƴ ό{//ύΦ ¢ƘŜǊŜ ŀǊŜ Ƴŀƴȅ 
different options for a social cost of carbon. The Synapse Team recommends using a 
value that applies low discount rates, considers global damages, and considers the 
impact of high-risk situations. One source for this value is the December 2020 SCC 
Guidance published by the State of New York. Using a 2 percent discount rate (the one 
also recommended by New York for most decision-making), we recommend a 15-year 
levelized SCC of $128 per short ton in AESC 2021. We also recommend that program 
administrators continually review this value (e.g., for the purposes of mid-term 
modifications) as updates to the federally-recommended SCC are expected in early 
2022. 

¶ An approach based on global marginal abatement costs. In AESC 2021, we estimate a 
total environmental cost based on the cost of large-scale carbon capture and 
sequestration (CCS) equal to $92 per short ton of CO2-eq. This is lower than the $105 
per short ton of CO2-eq value (in 2021 dollars) described in AESC 2018. This lower cost 
reflects the declining costs of this technology. 

¶ An approach based on New England marginal abatement costs, assuming a cost derived 
from electric sector technologies. In AESC 2021, this is a total environmental cost of 
$125 per short ton of CO2-eq emissions, based on a projection of future cost trajectories 
for offshore wind energy along the eastern seaboard. This compares to a cost of $72 per 
short ton of CO2-eq emissions (in 2021 dollars) based on a projection of future costs of 
offshore wind energy, as described in AESC 2018. This increased cost reflects updated 
information on this technology in the United States, as well as lower energy costs in this 
edition of AESC. 

¶ An approach based on New England marginal abatement costs, assuming a cost derived 
from multiple sectors. In AESC 2021, this is a total environmental cost of $493 per short 
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ton of CO2-eq emissions, based on a projection of future cost trajectories for renewable 
natural gas (RNG) derived from power-to-gas technology. This approach may be useful 
for policymakers who are considering more ambitious carbon reduction targets (e.g., 90 
percent or 100 percent reductions by 2050). 

ES-Table 13. Comparison of GHG costs under different approaches (2021 $ per short ton) in Counterfactual #1 

 AESC 2018 AESC 2021 Difference % Difference 

Social Ŏƻǎǘ ƻŦ ŎŀǊōƻƴ ό{// ƻǊ άŘŀƳŀƎŜ 
Ŏƻǎǘέύ ŀǘ н҈ ŘƛǎŎƻǳƴǘ ǊŀǘŜ 

Not quantified $128 - - 

Global marginal abatement cost $105 $92 -$13 -12% 

New England-based marginal abatement 
cost, derived from the electric sector 

$72 $125 $53 75% 

New England-based marginal abatement 
cost, derived from multiple sectors 

Not calculated $493 - - 

Notes: All values shown are levelized over 15 years. All AESC 2021 values except the SCC are levelized using a 0.81 percent 
discount rate (SCC uses a 2.0 percent discount rate). All AESC 2018 values are levelized using a 1.34 percent discount rate, then 
converted into 2021 dollars. In AESC 2018, damage costs were discussed, but not quantified. AESC 2018 did not discuss or 
estimate a New England-based marginal abatement cost derived from multiple sectors. Values shown above remove energy 
prices, but not embedded costs. Values shown above do not include losses. 

ES-Table 14. Comparison of GHG costs under different approaches (2021 cents per kWh) in Counterfactual #1 

 AESC 2018 AESC 2021 Difference % Difference 

{ƻŎƛŀƭ Ŏƻǎǘ ƻŦ ŎŀǊōƻƴ ό{// ƻǊ άŘŀƳŀƎŜ 
Ŏƻǎǘέύ ŀǘ н҈ ŘƛǎŎƻǳƴǘ ǊŀǘŜ 

Not quantified 4.87 - - 

Global marginal abatement cost 4.64 3.41 -1.23 -26% 

New England-based marginal abatement 
cost, derived from the electric sector 

2.83 4.74 1.91 67% 

New England-based marginal abatement 
cost, derived from multiple sectors 

Not calculated 19.72 - - 

Notes: Values shown above remove embedded costs (e.g., RGGI, MA 310 7.74, MA 310 7.75. All values are quoted using a 
summer on-peak seasonal marginal emission rate, and include a 9 percent energy loss factor.  

In addition, AESC 2021 establishes a non-embedded NOX emission cost of $14,700 per short ton, based 

on a review of findings in the literature, which translates into an avoided wholesale cost for NOX of 

$0.77 per MWh. 

DRIPE 

DRIPE refers to the reduction in prices in the wholesale markets for capacity and energy, relative to the 

prices forecast in the Reference case, resulting from the reduction in quantities of capacity and of 

energy required from those markets due to the impact of efficiency and/or demand response programs. 
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Thus, DRIPE is a measure of the value of efficiency in terms of the reductions in wholesale prices seen by 

all retail customers in a given period.  

AESC 2021 models DRIPE benefits associated with reduced demand on electricity (energy and capacity), 

natural gas (supply and transportation), and oil markets. DRIPE results in AESC 2021 differ from those in 

AESC 2018 because of updated information changes in utility long-term energy purchases, updated 

market data, and new commodity forecasts. Generally speaking, we find (a) lower energy DRIPE and 

capacity DRIPE values, due to projections of flatter supply curves compared to AESC 2018, (b) lower 

natural gas DRIPE values due to lower commodity prices and flatter supply curves, and (c) lower oil 

DRIPE values, due to changes in the underlying projection of crude oil prices. 

Transmission and distribution 

In AESC 2021, we present four separate threads for analysis of avoided transmission and distribution 

(T&D) costs, building on the foundation established in the 2018 AESC and updating or expanding the 

analysis presented. The four aspects are:  

1. Updating the avoided costs for PTF facilities based on future costs; 

2. Reviewing utility approaches to generic avoided cost values for non-PTF transmission 
and distribution and evaluating these approaches on a common evaluation rubric to 
facilitate cross-comparison and learning; 

3. Reviewing utility approaches to calculating geographically localized avoided costs, such 
as for non-wire alternatives (NWA); and 

4. Developing an approach to the avoided cost of natural gas system T&D.  

Of these items, only the first was performed in AESC 2018. In that study, we found the PTF cost to be 

$99 per kW-year (in 2021 dollars). In AESC 2021, we find the PTF value to be $84 per kW-year, a 

decrease of 15 percent. This change is due to a switch to a forward-looking methodology, versus the 

historical cost methodology used in AESC 2018. 

Reliability 

As in AESC 2018, AESC 2021 examines how changing electric load levels can change reliability in several 

ways, which differ among generation, transmission, and distribution. Our analysis addresses the effect of 

increased reserve margins based on generation reliability, the potential and obstacles in estimating the 

effect of load levels on T&D overloads and outages, and VoLL. We then develop estimates of the value of 

increased generation reliability per kilowatt of peak load reduction.  

In AESC 2021, we find a default average VoLL value of $73 per kWh. This value is almost three times as 

large as the value derived in AESC 2018 ($26 per kWh in 2021 dollars). The change in the VoLL 

component is a result of updated information on VoLLs. This VoLL is then applied to the calculation of 

ǊŜƭƛŀōƛƭƛǘȅ ōŜƴŜŦƛǘǎ ǊŜǎǳƭǘƛƴƎ ŦǊƻƳ ŘȅƴŀƳƛŎǎ ƛƴ bŜǿ 9ƴƎƭŀƴŘΩǎ FCM to estimate cleared and uncleared 

benefits linked to improving generation reliability. In AESC 2021, we find 15-year levelized values of 
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$0.47 per kW-year for cleared benefits and $8.45 per kW-year for uncleared benefits. These are 32 

percent lower and 21 percent higher, respectively, than the same values estimated in AESC 2018, after 

adjusting for inflation. For cleared reliability, despite a higher VoLL, overall benefits are lower as a result 

of flatter supply curve assumptions for the capacity market. Changes to the capacity market have less of 

an impact on uncleared resources, which exist outside the capacity market. As a result, an increase in 

the VoLL produces an increase in the uncleared reliability value. 

New in AESC 2021, we provide an example methodology to estimate benefits related to T&D reliability 

This estimate is based on data for National Grid Massachusetts. This value would likely differ for each 

jurisdiction. As a result, the methodology provided can be interpreted as guidance for calculating 

avoided costs. 

Sensitivities  

The following sections detail the inputs and results of the sensitivity analysis. In AESC 2021, we evaluate 

avoided costs under three different sensitivities. These sensitivities include: 

¶ A natural gas price sensitivity with higher gas prices than were used in Counterfactual 
Ім όάIƛƎƘ Gas Price Sensitivityέύ 

¶ A climate policy sensitivity, where avoided costs for energy efficiency are calculated 
under a hypothetical regional climate policy with increased levels of electrification and 
ŎƭŜŀƴ ŜƴŜǊƎȅ όάNo New EE Climate Policy Sensitivityέύ 

¶ A climate policy sensitivity which models energy efficiency along with increased levels 
ƻŦ ŜƭŜŎǘǊƛŦƛŎŀǘƛƻƴ ŀƴŘ ŎƭŜŀƴ ŜƴŜǊƎȅ όά!ƭƭ-In Climate Policy Sensitivityέύ 

For each of these sensitivity cases, we find the following: 

¶ In the High Gas Price Sensitivity, energy prices are 27 percent higher, capacity prices are 
2 percent lower, RPS compliance costs are 8 percent lower, and non-embedded GHG 

costs are 21 percent lower. All prices are compared to Counterfactual #1.4 

¶ In the No New EE Climate Policy Sensitivity, energy prices are 4 percent lower, capacity 
prices are 52 percent higher, and RPS compliance costs are 12 percent higher. All prices 
are compared to Counterfactual #3. This sensitivity features a new avoided cost (the 
incremental regional clean energy policy compliance cost, or IRCEP), which captures the 
incremental cost of the region reaching 90 percent non-fossil generation by 2035. This 
category increases total levelized avoided costs by 0.9 percent 

¶ In the All-In Climate Policy Sensitivity, energy prices are 4 percent lower, capacity prices 
are 42 percent higher, and RPS compliance costs are 11 percent higher. All prices are 

 

4 All of the summary costs described here are framed in terms of 15-year levelized costs for summer on-peak for the WCMA 

region. 
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compared to Counterfactual #2. The new IRCEP cost category increases total avoided 
costs by 0.4 percent, all else being equal.   

In the High Gas Price Sensitivity, energy prices are higher due to higher gas prices, which is the fuel that 

powers the marginal resource in most hours. The non-embedded GHG cost is lower because one of the 

inputs to this value is the energy price (in situations like this one, where the non-embedded GHG cost is 

based on the New England-derived marginal abatement cost). Generally speaking, higher energy prices 

will produce lower non-embedded GHG costs.  

In the climate policy sensitivities, we find that energy prices typically only have minor changes relative to 

the comparative counterfactual. Capacity prices tend to be much higher, and are largely caused by high 

capacity prices in the early- to mid-2030s. In these years, the system switches to winter peaking and 

demand increases quickly. Costs of RPS compliance are also higher due to increased demand for 

electricity. Finally, we find that the additional cost of compliance associated with the region reaching 90 

percent non-fossil generation by 2035 is low, on a levelized basis. This is due to several factors, including 

the fact that many states in New England are already reaching very high non-fossil percentages by 2035, 

and because the cost of compliance is zero in the near term (as the policy does not come into effect 

until the mid-2020s).  
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2. !±hL595 b!¢¦w![ D!{ /h{¢{ 

The following sections first discuss the drivers of natural gas commodity prices (i.e., the long-term price 

for natural gas at Henry Hub and other price points upstream of New England). The wholesale natural 

gas price is the market price of gas that is sold to local distribution companies (LDC), electricity 

generators, and other large end-users at interstate pipeline delivery points. The discussion then 

addresses factors impacting the price basis for natural gas sold in New England and ends with a 

discussion of the methodology used to quantify avoided costs of natural gas. The avoided cost of gas at 

ŀ ǊŜǘŀƛƭ ŎǳǎǘƻƳŜǊΩǎ ƳŜǘŜǊ Ƙŀǎ ǘǿƻ ŎƻƳǇƻƴŜƴǘǎΥ όмύ ǘƘŜ ŀǾƻƛŘŜŘ Ŏƻǎǘ ƻŦ Ǝŀǎ ŘŜƭƛǾŜǊŜŘ ǘƻ ǘƘŜ [5/ όǘƘŜ 

άŎƛǘȅƎŀǘŜ ŎƻǎǘέύΤ ŀƴŘ όнύ ǘƘŜ ŀǾƻƛŘŜŘ Ŏƻǎǘ ƻŦ ŘŜƭƛǾŜǊƛƴƎ Ǝŀǎ ƻƴ ǘƘŜ [5/ ǎȅǎǘŜƳ όǘƘŜ άǊŜǘŀƛƭ ƳŀǊƎƛƴέύΦ !ǎ 

with previous versions of AESC, natural gas avoided costs are presented with and without the retail 

margin. 

Natural gas prices in AESC 2021 are significantly lower than in AESC 2018. Lower price forecasts have 

been a persistent trend over the past decade as a result of assumptions in the AEO Reference cases that 

were too conservative in terms of shale gas reserves, productivity, drilling costs, and production growth.  

2.1. Introduction 

The dampening effect of the COVID-19 pandemic on end-use consumer demand for natural gas and 

other fuels resulted in 2020 experiencing the lowest Henry Hub prices in over two decades. Producers 

reacted to this reduction in demand by shutting-in production and reducing drilling. However, low gas 

prices caused natural gas-fired generation to take market share from coal-fired electric generation and 

made liquified natural gas (LNG) exports from the United States highly attractive. As a result, total 

demand for natural gas in 2020 was nearly identical to 2019. As the supply-demand balance began to 

tighten in the fall of 2020, Henry Hub prices began to escalate, providing producers an incentive to 

increase drilling and production, but dampening the economics of gas-fired electric generation. Against 

this backdrop, the latest Annual Energy Outlook (AEO), published by the EIA in early February 2021, 

projects a slow return ǘƻ άƴƻǊƳŀƭΣέ ƛƴŘƛŎŀǘƛƴƎ ƭƻƴƎ-lasting effects on the energy sector from the COVID-

19 pandemic. AEO projects that it will take until 2023 for natural gas production to return to its pre-

pandemic peak, and that it will take until 2026 for domestic consumption to reach a new peak. Over the 

longer term, the projections for gas prices in AEO 2021 are not substantially different than prices 

projected in AEO 2020.  

Responses to the pandemic in the physical natural gas market were not mimicked by the financial 

market or trading activity during 2020. This meant that trading was not substantially different from the 

ǇǊƛƻǊ ȅŜŀǊΩǎ ǊŜŎƻǊŘ ƘƛƎƘ ŀŎǘƛǾƛǘȅΦ5 AEO 2021 projects that prices will begin a sustained rebound in 2025 as 

 

5 While Federal Energy Regulatory Commission (FERC) Form 552 filings reported record volumes in 2019, Chicago Mercantile 

Exchange (CME) and Intercontinental Exchange (ICE) reported slightly lower trading volumes. Natural gas is also traded on 
other platforms, such as NASDAQ.  
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producers pursue less-economic reserves. Prices and financial trading volumes continue to indicate a 

very active market, anchored by NYMEX Henry Hub futures.6 Although prices and outlooks fluctuate, 

there remains an active wholesale natural gas market in New England for gas that is sold to LDCs, 

electricity generators, and other large end-users at interstate pipeline delivery points. Note that recent 

energy market disruptions and macroeconomic impacts due to the COVID-19 pandemic widen the 

uncertainty band of any price forecast.7  

2.2. Gas prices and commodity costs 

The following sections provide an overview of historical natural gas prices and projected future 

wholesale natural gas prices. 

Background 

The U.S. fuel extraction industry appeared past its prime at the start of the 21st century, but early in the 

2010s, shale gas and oil suddenly became an industry with significant growth potential. Order-of-

magnitude drilling economics improvements have ŎƘŀƴƎŜŘ ǘƘŜ ƳŀǊƪŜǘΩǎ ǇŜǊŎŜǇǘƛƻƴ ƻŦ both natural gas 

and crude oil from increasing-cost commodities to flat-to-declining-cost commodities. Capital became 

widely available to small- and medium-sized companies willing to expand drilling in new shale and tight-

sand formations, to build new processing and transport infrastructure, and to consume growing gas 

volumes in domestic sectors or export the surplus to growing overseas LNG markets. Indeed, in 2000 the 

United States consumed about 64 billion cubic feet per day (Bcfd) of natural gas, of which 10 Bcf per day 

was imported, while in 2020 consumption was about 83 Bcfd and over 7 Bcfd was exported.8 

In the three years since the AESC 2018 analysis, these trends have been extended through significant 

production growth, mainly in Texas and Appalachia. This time period has also seen increasing domestic 

consumption, mainly through electric generation, and surging exports of LNG which are primarily from 

new terminals on the Gulf Coast and Eastern Seaboard. However, the upstream (production) side has 

seen a geographical shift. Natural gas in Appalachia had been in surplus for several years because of lags 

 

6 NYMEX Henry Hub futures prices are traded for 120 months out. There are also futures prices and price differentials (basis) 

for other regional natural gas hubs traded on the NYMEX or other organized exchanges. Cornerstone Research: 
Characteristics of U.S. Natural Gas Transaction (Jul 2020) reported that trading volumes during the first of this year indicate 
and increase in 2020; p. 10.  

7 Prices quoted on the NYMEX and other active futures exchanges represent a collective market view of supply and demand 

conditions in the future. However, there is a risk when using any price forecast in business decisions. Physical players such as 
LDCs and producers purchase or sell futures to hedge price risk. A futures contract provides insurance against price volatility. 
Buying and selling entities including traders know they run the risk that they will incur an opportunity costτbuying or selling 
at too low or too high a price. To many, this is an acceptable risk, giving up potential profits for a known price. Others may 
prefer purchasing derivative financial instruments that can be used to cover some of the opportunity cost risks; for example, 
protective collars can be purchased that provide additional downside or upside price protection, and the risk of purchasing 
too much or too little gas due to adverse weather can be hedged via weather derivatives.  

8 U.S. EIA, Natural Gas Annual, available at https://www.eia.gov/naturalgas/annual/. The 2019 edition was released on 

September 30, 2020. Historical data is publƛǎƘŜŘ ƛƴ ǘƘŜ 9L!Ωǎ Monthly Energy Review. 

https://www.eia.gov/naturalgas/annual/
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in pipeline infrastructure, resulting in falling prices in the region. Simultaneously, high oil prices created 

a boom in shale oil plays, mainly in the Permian Basin. Surging oil production also resulted in a large 

increase in associated gas production.9 Since the beginning of 2018, Permian gas production has more 

than doubled, compared to a 30 percent increase in Appalachian volumes. However, drilling activity 

dropped sharply in the second and third quarters of 2020 resulting in a decline in associated gas 

production and a flattening of Appalachian output.  

All the primary gas markets were affected by these production shifts, by new infrastructure, and by new 

gas-fired electric generation. In New England, for example, gas-fired power now accounts for about half 

of the installed generating capacity in the six-state region, which is three times what it was 20 years ago. 

Volumes also increased at most gas trading hubs and the ability to arbitrage regional price differentials 

rose with additional pipeline capacity and new commodity trading platforms. Although a few small, 

incremental pipeline projects were added over the past few years, New England avoided large-scale 

investments in natural gas infrastructure; nonetheless, the region still exhibited a downward gas price 

trend over the past decade. 

Over the past two years, the New England gas market has seen a small increase (see Section 2.3. New 

England natural gas market). However, the primary sources of gas supply to New England and the 

delivery pipelines are unchanged. As in prior AESC studies, we conclude that there are three main 

components to New England gas costs. 

1. The natural gas price at the point of purchase at a market trading hub or at the 
ǇǊƻŘǳŎǘƛƻƴ ǎƛǘŜ όǘƘŜ άǎǳǇǇƭȅ ŀǊŜŀέ ǇǊƛŎŜ ƻǊ άŎƻƳƳƻŘƛǘȅ ŎƻǎǘέύΤ 

2. The pipeline transportation cost from the trading hub or supply area to the LDC citygate 
or electric generating plant; and 

3. The retail distribution margin from the citygate to the end-useǊΩǎ ōǳǊƴŜǊ ǘƛǇΦ 

Supply area natural gas prices 

Natural gas consumed in New England is sourced from various points in the United States and Canada. 

These sources vary depending on the purchasing entity and contractual arrangements, as well as 

seasonal differences such as storage and LNG. Gas is purchased at hubs in New England, such as the 

Algonquin (AGT) Hub, or hubs further south, in Canada, or in other locations. As in the rest of North 

America, because of the integrated pipeline network, gas prices in New England are strongly correlated 

to the Henry Hub benchmark. Therefore, similar to previous AESC studies, Henry Hub serves as the 

foundation for developing price projections relevant to New England markets. The rationale for this 

choice is that Henry Hub has been the U.S. gas price benchmark since the early 1990s and is likely to 

continue that role in the foreseeable future. There are many reasons for choosing Henry Hub.  

 

9 Associated natural gas or associated-dissolved natural gas is natural gas that occurs in crude oil reservoirs either as free gas 

(associated) or as gas in solution with crude oil (dissolved gas). 
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1. Foremost, perhaps, is that it the most highly traded natural gas pricing point in the 
United States. According to the Chicago Mercantile Exchange (CME), the NYMEX Henry 
Iǳō ŎƻƴǘǊŀŎǘ όǎȅƳōƻƭ άbDέύ ƛǎ ǘƘŜ ǘƘƛǊŘ-largest physical commodity futures contract in 
the world by volume.10 The New York Mercantile Exchange (NYMEX) trades Henry Hub 
monthly gas with contracts extending for 120 months.  

2. Many natural gas purchase and sales contracts for natural gas are tied to the NYMEX 
Henry Hub price because of transparency and liquidity. Moreover, they allow market 
participants the ability to hedge and to manage risk.  

3. For many of the other trading points (hubs) throughout the United States, Henry Hub 
serves as the derivative pricing market in the form of basis trades, i.e., the difference 
between the Henry Hub price and the price at a different hub.  

4. EIA (in the AEO) and many other organizations base their price forecasts on Henry Hub. 

5. The burgeoning surplus of gas in Appalachia and other regions is being increasingly 
funneled to LNG export terminals along the Gulf Coast (Texas and Louisiana). From the 
end of 2017 through 2020, export capacity has increased from roughly 3 Bcfd to 10 Bcfd. 
Nearly 10 percent of U.S. gas demand now comes from LNG exports, with the bulk of 
that along the Gulf Coast. Pipelines have correspondingly increased capacity to meet 
this demand. Even more LNG export capacity is in the planning stage. The AEO and most 
other forecasts envision that LNG exports will be the marginal market for natural gas at 
least over the next decade and that the Henry Hub pricing point in Louisiana will be a 
primary signal in this new market dynamic. 

Although natural gas prices quoted by the NYMEX are volatile, they represent the current collective 

wisdom of the gas market. Prices change daily as physical buyers and sellers and financial players 

continually assess new data and reformulate expectations about the future gas market. Near-term 

factors such as storage balances, weather, and demand and supply expectations have a larger influence 

in the front of the price curve. These prices influence decisions by producers, consumers, and investors 

ǘƘŀǘ Ŏŀƴ ŀŦŦŜŎǘ ǘƘŜ ŦǳǘǳǊŜ ŘŜƳŀƴŘ ŀƴŘ ǎǳǇǇƭȅ ōŀƭŀƴŎŜΦ aƻǎǘ b¸a9· ǇŀǊǘƛŎƛǇŀƴǘǎ ŀǊŜ άƘŜŘƎŜǊǎέ ǿƘƻ ǳǎŜ 

the futures market to reduce the risk of financial losses from price changes, i.e., lock-in a price to buy or 

sell gas. With more hedging in the winter months when gas demand peaks, there is marked seasonality 

in natural gas trading. Most hedging is short-term, i.e., over the next 12 to 18 months, so there is more 

liquidity (larger volume of transactions) in the near months of the natural gas market). Liquidity falls 

significantly beyond 18 months. Thus, similar to previous AESC studies, the short-term natural gas price 

forecast relies entirely on NYMEX Henry Hub futures. In addition, we use the seasonality in monthly 

prices observed in the 2022ς2023 b¸a9· ŦǳǘǳǊŜǎ ŎƻƳǇƭŜȄ ǘƻ ŘŜǾŜƭƻǇ ƭƻƴƎπǘŜǊƳ ƳƻƴǘƘƭȅ ǘǊŜƴŘǎ ŦƻǊ ǘƘŜ 

Henry Hub gas price over the 2021ς2035 study period.  

 

10 Details on the NYMEX Henry Hub Contract can be found on the CME website: 

http://www.cmegroup.com/trading/energy/nymex-natural-gas-futures.html. There is seasonality in the 12-year NYMEX 
Henry Hub futures complex and we are using that seasonality to convert the annual AEO forecasts to monthly forecasts. 
CME data was downloaded for use in the AESC 2021 Study on February 1, 2021. 

http://www.cmegroup.com/trading/energy/nymex-natural-gas-futures.html
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As with previous AESC studies, we rely on AEO for longer-term Henry Hub price forecasts. The most 

recent current AEO was published in February 2021 (AEO 2021).11 There are numerous reasons for 

choosing AEO for longer-term price forecasts; foremost is the extensive documentation and 

transparency of the inputs and models used by EIA. There are many companies, consultants, and other 

organizations that forecast natural gas and other prices. However, there is no way to evaluate them 

without complete datasets, assumptions, or documentation on model algorithms.12 The EIA forecasts 

are public, transparent, and incorporate the long-term feedback mechanisms of energy prices upon 

supply, demand, and competition among various fuels. Previous AESC studies have relied on the AEO 

Reference Case, which generally assumes current legislation and environmental regulations. Specifically, 

AEO 2021 assumes government actions for which implementing regulations were available as of the end 

of September 2020 and macroeconomic assumptions based on third and fourth quarter 2020 

assessments.13 These macroeconomic assumptions include the effects of the COVID-19 pandemic on 

natural gas and other energy sectors. 

EIA has recognized an increased level of uncertainty in its projections due to the impacts of the COVID-

19 pandemic on energy markets and the wider economy.14 The COVID-19 pandemic represents a novel 

forecasting challenge. As in previous outlooks, the Reference case for AEO 2021 is a projection rooted in 

experience to date and the current short- and medium-term economic outlook. But the influence of the 

pandemic in this forecast and the necessity of conjecturing what the recovery will look like means that 

the longer-term view may be particularly uncertain.  

The Reference case in AEO 2021 anticipates that economywide demand for energy in the United States 

will not return to 2019 levels until 2029.15 On average, the Henry Hub price forecast for the AEO 2021 

reference case is approximately 2.6 percent lower than the corresponding forecast from AEO 2020. 

Meanwhile, alternative scenarios explored in AEO 2021 (άǎƛŘŜ ŎŀǎŜǎέύ ŎƻƴǎƛŘŜǊ ǘƘŜ ƛƳǇŀŎǘǎ of differing 

economic growth rates resulting in a return to pre-pandemic economic activity and energy consumption 

levels in shorter or longer order.  

For AESC 2021, we use the current NYMEX Henry Hub futures forecast for short-term prices (through 

2023) and AEO 2021 for medium- and long-term prices.16 We believe that the current NYMEX Henry Hub 

 

11 U.S. EIA. 2021. Annual Energy Outlook (AEO) 2021. https://www.eia.gov/outlooks/aeo/.  

12 !9{/ нлнм ŘƛŦŦŜǊǎ ŦǊƻƳ ƛǘǎ ǇǊŜŘŜŎŜǎǎƻǊǎ ƛƴ ǘƘŀǘ ǘƘŜ ǘƛƳƛƴƎ ƻŦ ǘƘƛǎ ȅŜŀǊΩǎ ǎǘǳŘȅ ŀƭƭƻǿǎ ŦƻǊ ǘƘŜ ǳǎŜ ƻŦ ǘƘŜ Ƴƻǎǘ ǊŜŎŜƴǘ !9h 

projection. Previous AESC studies, by virtue of their study timeline, frequently used AEO projections that were a year or 
more out-of-ŘŀǘŜ ŀǘ ǘƘŜ ǘƛƳŜ ƻŦ !9{/Ωǎ ǇǳōƭƛŎŀǘƛƻƴΦ  

13 Assumptions are documented in several reports. See 9L!Ωǎ !9h ŀǎǎǳƳǇǘƛƻƴǎ ŀǘ 

https://www.eia.gov/outlooks/aeo/assumptions/. 

14 U.S. EIA, 2021. AEO 2021 narrative, p 4, at https://www.eia.gov/outlooks/aeo/pdf/AEO_Narrative_2021.pdf.  

15 Ibid. 

16 The gas price forecast methodology employed in AESC 2021 differs from that of AESC 2018 only in that we do not transition 

from the NYMEX futures value, used for the preliminary forecast years, to the AEO forecast series for the later forecast years 

https://www.eia.gov/outlooks/aeo/
https://www.eia.gov/outlooks/aeo/assumptions/
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price forecast incorporates an independent and collective view of the market supply and demand 

balances over the next three years. It also incorporates current expectations on the effects and duration 

of the COVID-19 pandemic. Meanwhile, AEO 2021 represents a neutral, third-party projection of Henry 

Hub prices based on recent trends and expectations, accounting for the COVID-19 pandemic, but 

ultimately reflecting conventional trends outlasting the impacts of the pandemic.17 Factors influencing 

the longer-term forecasts of energy demand beyond the period of uncertainty associated with the 

COVID-19 pandemic include economic and population growth; increasing reliance on renewables and 

consumption of natural gas and electricity; and technological, behavioral, and policy shifts.  

The following section provides highlights of the AEO 2021 Reference case and other AEO cases. 

AEO 2021 Reference case 

Compared to the recent past, the AEO 2021 Reference case projects the U.S. natural gas industry 

growing more slowly in the decades ahead. Gas production in the United States (dry gas) increased by 

57 percent from 2010 to 2019 while AEO 2021 has production growing by only 23 percent from 2024ς

2050.18 Similarly, consumption slows markedly in all sectors. The decline is most pronounced in the 

residential sector, which sees flat-to-declining gas use in the future. 

In AEO 2021, real Henry Hub prices (in 2021 dollars) are projected to fall from $3.23 per MMBtu in 2021 

to $2.78 per MMBtu in 2023. Prices then increase by 2.4 percent per year, reaching a price of $3.68 per 

MMBtu in 2035. Producers require higher prices to expand into less prolific and more expensive-to-

produce areas to meet the growth in gas demand and LNG exports.  

 

Figure 1 shows the forecast of Henry Hub prices used in AESC 2021. As described above, these rely on 

current NYMEX futures (dated February 1, 2021) for prices between 2021 and 2023. Prices in 2024 

through 2035 are based on AEO 2021. Figure 1 also compares the Henry Hub price used in AESC 2021 

with the price forecast used in AESC 2018 (in 2021 dollars). 

 

with a bridge year calculated by averaging the two series. Instead, we transition directly from NYMEX futures (for 2021-
2023) to the AEO forecast series (for 2024 and beyond).  

17 Ibid. 

18 ά5Ǌȅέ gas is consumer-grade natural gas. Basically, it is natural gas that that has been processed to remove hydrocarbon 

liquids and other impurities so that it has uniform properties that make it transportable and useable by all consumers. Dry 
natural gas production equals marketed production less extraction loss.  
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Figure 1. Henry Hub price forecasts (Actuals, NYMEX, AESC 2020, and AESC 2018) 

 

As shown in Figure 1, Henry Hub natural gas prices average 34 percent lower in AESC 2021 compared to 

AESC 2018 over the 2021ς2035 period. In general, forecasts of Henry Hub prices have continually 

declined over the past decade for several reasons.  

1. Productivity in shale drilling has been increasing steadily. Average productivity (new well 
gas production per rig) as reported by EIA was about 1,284 Mcf at the beginning of 
2014. Productivity was 3,570 Mcf in 9L!Ωǎ January 2018 report and 6,906 Mcf in the 

latest (2021) report.19 This trend implies decreasing costs per unit of production, 

although AEO continues to assume that new supply will not be as productive as in the 
past, thus requiring higher prices to induce drilling.  

2. A growing portion of gas production has been coming from oil wells (ŜΦƎΦΣ άassociated 
natural gasέ). For oil producers, drilling decisions are based on crude oil prices and any 
natural gas sold is considered a byproduct. Depending on gas pipeline availability and 
flaring regulations, this gas will be produced at any price as long as crude oil economics 
are positive. As new tranches of associated gas are marketed, they often displace 
existing gas production pressuring gas prices. 

3. Realtime indicators are difficult to ignore. Since 2010, average gas prices have been on a 
downward trendτweekly, monthly, and annually. For example, the average Henry Hub 
spot price for two years prior to the initial 2015 AESC forecast was about $4.59 per 
MMBtu (in 2021 dollars), while for the 2018 report it was $2.96 per MMBtu. For the two 
years prior to AESC 2021 (2019 and 2020), the average price was $2.33 per MMBtu. The 

 

19 ¦Φ{Φ 9L!Φ нлнмΦ ά5ǊƛƭƭƛƴƎ ŀƴŘ tǊƻŘǳŎǘƛǾƛǘȅ wŜǇƻǊǘΣέ WŀƴǳŀǊȅ мфΦ 
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past decade has seen price spikes due to abnormal weather or short-term storage 
deficits, but projecting a sustained upward price surge is difficult to justify. 

4. The COVID-19 pandemic initially exacerbated a bearish price cycle. The average Henry 
Hub spot price for the 12-months ending October 2020 was $2.00 per MMBtu, the 
lowest in over two decades. This price signal has led to near-record short-term 
production declines the second and third quarters of 2020. The market has recognized 
this, with NYMEX Henry Hub futures averaging closer to $3.00 per MMBtu beginning in 
the fourth quarter. 

Natural gas prices at other upstream supply points 

Although Henry Hub is the U.S. natural gas price benchmark, prices vary greatly across the nation. 

Conditions such as local production, pipeline capacities, storage availability, and demand variability are 

some of the many factors that cause this variation. Over the past few decades, most supply and 

consuming regions developed gas hubs, which are liquid pricing points where gas is bought and sold for 

immediate or future delivery. There are many hubs in the Northeast, but the critical question is which 

ones determine New England's natural gas prices? 

Without indigenous production, New England continues to acquire gas from outside the region via: 

1. Six pipeline systems including Tennessee Gas Pipeline (TGP) and Algonquin Gas 
Transmission (AGT) from the south; Iroquois Gas Transmission (IGTS) from the west 
through New York State; and Maritimes & Northeast Pipeline (MNP) along with Portland 
Natural Gas Transmission (PNGTS) from Canada via TransCanada Pipeline (TCPL). See 
below for a more detailed description of the six pipeline systems. 

2. Two LNG import terminals in the Boston area incluŘƛƴƎ 9ȄŎŜƭŜǊŀǘŜ 9ƴŜǊƎȅΩǎ bƻǊǘƘŜŀǎǘ 
DŀǘŜǿŀȅ 5ŜŜǇǿŀǘŜǊ tƻǊǘ ŀƴŘ 9ȄŜƭƻƴ DŜƴŜǊŀǘƛƻƴΩǎ 9ǾŜǊŜǘǘ ǘŜǊƳƛƴŀƭΦ ¢ƘŜǊŜ ƛǎ ŀƭǎƻ ǘƘŜ 
Canaport LNG import terminal in New Brunswick, from which regasified LNG can be 
piped down MNP into New England. 

Pipeline shippers purchase natural gas at various supply or market hubs. This natural gas may be 

sourced from the U.S. Gulf Coast, Midwest, Appalachia, and both Eastern and Western Canada; 

however, production in the Marcellus/Utica has outstripped natural gas consumption in the Northeast. 

As a result, the physical source of New England pipeline gas is being increasingly supplied from this 

nearby basin even if shippers are notionally purchasing gas from distant supply basins (Gulf Coast, 

Western Canada, Permian Basin, etc.).20 Thus the price at hubs that source Marcellus/Utica gas is 

increasingly relevant to New England.  

Although sourced from various upstream supply basins, a significant volume of New England gas is 

priced at the Algonquin Citygate Hub. AGT basis futures are traded on the Intercontinental Exchange 

 

20 Since natural gas is fungible, interstate pipelines can displace gas anywhere it enters or leaves the system. 
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(ICE) and there is a market up to 48 months out.21 AGT spot prices are also quoted in several 

publications22 and on the EIA website.23 For 2024 and later years, to calculate the future monthly 

variation in prices for Henry Hub, Algonquin Citygate, and other and hubs upstream of New England, we 

average two years of projected monthly data (based on NYMEX) for the period 2022ς2023.24 For Henry 

IǳōΣ ǘƘŜ άǎƘŀǇŜέ ƻŦ ǘƘƛǎ ƳƻƴǘƘƭȅ ǾŀǊƛŀǘƛƻƴ ƛǎ ŀǇǇƭƛŜŘ ǘƻ ǘƘŜ ŀƴƴǳŀƭ Řŀǘŀ ŦǊƻƳ !9h нлнмΦ CƻǊ !ƭƎƻƴǉǳƛƴ 

Citygate and other hubs, we simply add the average monthly basis to the Henry Hub value. 

We have also analyzed historical monthly basis data for these pricing points, allowing us to apply the 

seasonality in monthly prices to our longer-term projections. See Figure 2 for a historical comparison of 

gas prices at Algonquin Citygate and Henry Hub.  

Figure 2. Historical comparison of natural gas prices at Algonquin Citygate Hub and Henry Hub 

 

 

21 LƴǘŜǊŎƻƴǘƛƴŜƴǘŀƭ 9ȄŎƘŀƴƎŜ όL/9ύΦ [ŀǎǘ ŀŎŎŜǎǎŜŘ aŀǊŎƘ фΣ нлнмΦ άAlgonquin Citygates Basis FutureΦέ theICE.com. Available at 

https://www.theice.com/products/6590124/Algonquin-Citygates-Basis-Future.  

22 bŀǘǳǊŀƭ Dŀǎ LƴǘŜƭƭƛƎŜƴŎŜ όbDLύΦ [ŀǎǘ ŀŎŎŜǎǎŜŘ aŀǊŎƘ фΣ нлнмΦ άAlgonquin Citygate Daily Natural Gas Price SnapshotΦέ 

NaturalGasIntel.com. Available at https://www.naturalgasintel.com/data-snapshot/daily-gpi/.  

23 ¦Φ{Φ 9L!Φ [ŀǎǘ ŀŎŎŜǎǎŜŘ aŀǊŎƘ фΣ нлнмΦ ά5ŀƛƭȅ tǊƛŎŜǎΦέ Today in Energy. Available at 

https://www.eia.gov/todayinenergy/prices.php.  

24 The term upstream generally refers to hubs and other points closer to the source of gas production. 

https://www.theice.com/products/6590124/Algonquin-Citygates-Basis-Future
https://www.naturalgasintel.com/data-snapshot/daily-gpi/
https://www.eia.gov/todayinenergy/prices.php
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In AESC 2021, we use the Texas Eastern Zone M-2 (TETCO M2) price, which is more representative of the 

actual prices paid by New England LDCs.25 To cover the major gas supply sources, we model monthly 

prices at the Dawn Ontario Hub and TETCO M2 Hub using a similar methodology as our projection for 

the Algonquin Citygate basis (see Figure 3). The projected monthly basis values for these hubs are 

assumed to remain constant in real dollar terms over the modeling period.  

While often correlated, natural gas prices at each hub will vary, depending on supply, demand and 

pipeline capacity, transport costs, and other conditions. There are trading platforms for these hubs: 

NYMEX trades (TETCO M2), and Natural Gas Intelligence (NGI) publishes prices for the Dawn Hub.26 In 

most cases there is both a spot and a futures market of varying lengths at these hubs. Also note that 

these price forecasts implicitly assume no new large-scale pipeline expansion projects, other than ones 

under construction slated over the next year.27 We believe the futures prices used in this analysis embed 

ŀƴ ǳƴōƛŀǎŜŘ ŜǎǘƛƳŀǘŜ ƻŦ ǘƘŜ ƳŀǊƪŜǘΩǎ ŜȄǇŜŎǘŜŘ ǎŜŀǎƻƴŀƭ ŘŜƳŀƴŘ-supply pressures in the near term. 

Figure 3. Historical and projected prices for AGT Hub, Dawn Hub, and TETCO M2 Hub 

 

 

25 In AESC 2018, we used the Dominion South Point (hub) index to measure gas prices in the Marcellus shale producing areas in 

and about Pennsylvania. 

26 NGIΦ [ŀǎǘ ŀŎŎŜǎǎŜŘ aŀǊŎƘ фΣ нлнмΦ άDawn Forward Fixed Natural Gas Price SnapshotΦέ NaturalGasIntel.com. Available at 

http://www.naturalgasintel.com/data/data_products/forward-contracts?location_id=MCWDAWN&region_id=midwest. 

27 {ŜŜ !ƭƎƻƴǉǳƛƴΩǎ άAtlantic .ǊƛŘƎŜ tǊƻƧŜŎǘέ /tмс-9.  

http://www.naturalgasintel.com/data/data_products/forward-contracts?location_id=MCWDAWN&region_id=midwest
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2.3. New England natural gas market 

In addition to the commodity costs discussed above, natural gas avoided costs include the costs of 

transmission, storage, and peaking resources needed to make gas available where and when it is 

consumed. This section addresses the gas supply resource costs that would be avoided by reducing gas 

use and describes our methodology for calculating the avoided natural gas costs by end-use. 

Natural gas consumption 

Figure 4 shows the natural gas delivered to end-users in the six New England states for the years 2010 

through 2019. Growth in residential and commercial consumption has been largely offset by lower gas 

use for electricity generation. 

Figure 4. Historical natural gas deliveries in New England  

 
Source: Energy Information Administration (EIA). Available at 
https://www.eia.gov/dnav/ng/ng_cons_sum_a_EPG0_vgt_mmcf_a.htm.  

Going forward, the AEO 2021 Reference case forecast for New England shows a small near-term 

increase in consumption in the residential, commercial, and industrial sectors, then a flattening of gas 

consumption from the mid-2020s through the mid-2030s (see Figure 5). Meanwhile, EIA projects gas 

consumption in the electric power sector to be halved by 2025, then remain at a relatively consistent 

level through the mid-2030s. 

https://www.eia.gov/dnav/ng/ng_cons_sum_a_EPG0_vgt_mmcf_a.htm
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Figure 5. AEO 2021 natural gas consumption forecast for New England 

 
Source: Energy Information Administration (EIA). Available at 
https://www.eia.gov/outlooks/aeo/supplement/excel/suptab_2.1.xlsx.  

Recent New England LDC forecasts show annual growth in customer requirements ranging from 0.2 

percent to 2.3 percent per year (see Table 1). For the 13 LDC forecasts shown, the weighted average 

increase in requirements over a five-year period is just under 2 percent per year.28  

There are several reasons why the LDC forecasts would be different from the EIA forecast: 

¶ ¢ƘŜ [5/ ŦƻǊŜŎŀǎǘǎ ŀǊŜ άǇƭŀƴƴƛƴƎ ƭƻŀŘέ Ŧorecasts, not forecasts of total consumption. 
Planning load customers are sales customers that buy gas from the LDC, and 
transportation-only customers that buy gas from marketers that receive upstream 
capacity resources from the LDC under retail choice proƎǊŀƳǎΦ ά/ŀǇŀŎƛǘȅ ŜȄŜƳǇǘέ 
transportation customers that do not use LDC supply resources are excluded. 

¶ LDC planning load excludes most gas used for electricity generation. Gas-fired power 
plants in New England typically receive gas supplies directly from an interstate pipeline 
or transport gas on an LDC under a special contract that makes them capacity-exempt. 

¶ Some LDCs adjust their forecasts to include potential migration of existing capacity-
exempt transportation customers to sales service or capacity-assigned transportation 
service. Shifting gas use by existing capacity-exempt transportation customers into 

 

28 Growth rates weighted by the annual planning load forecasts for 2020-21. 

https://www.eia.gov/outlooks/aeo/supplement/excel/suptab_2.1.xlsx
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planning load causes the planning load growth rate to be higher than the actual growth 
in total consumption. 

¶ Recent LDC forecasts reflect lower 2020 and 2021 gas use caused by COVID-19; they 
assume that consumption will bounce back later in the forecast period. This would 
cause the average annual growth rates for forecasts with a 2020 start date to be 
somewhat higher than pre-COVID forecasts, all else being equal. 

¶ Finally, there are questions about the extent to which the econometric forecasts 
produced by New England LDCs reflect the future impacts of state initiatives to reduce 
GHG emissions. The Massachusetts Attorney General has suggested that LDCs should be 
required to submit forecasts for periods longer than five years in order to address the 
expected transition away from natural gas as a heating fuel.29 

Table 1. New England LDC natural gas requirements forecasts 

Utility  CAGR (%) 
2020-2021 forecast (MMcf) 

Forecast period 
Case or Docket 

Number Annual Design Day 
National Grid (MA) 2.3 136,633 1,425 2020 to 2025 MA DPU 20-132 

Eversource Gas 0.8 48,660 522 2019 to 2024 MA DPU 19-135 
NSTAR Gas 1.5 47,907 537 2019 to 2024 MA DPU 20-76 

Liberty (MA) 1.0 6,452 77 2020 to 2025 MA DPU20-92 
Berkshire Gas 0.5 6,472 66 2020 to 2025 MA DPU 20-139 
Fitchburg Gas 0.2 2,314 23 2020 to 2025 MA DPU 21-10 
CT Natural Gas 1.6 36,124 355 2020 to 2025 CT PURA 1820-10-02 
Southern CT 1.2 33,167 325 2020 to 2025 CT PURA 1820-10-02 
Yankee Gas 2.2 56,256 487 2020 to 2025 CT PURA 1820-10-02 

National Grid (RI) 1.8 36,152 389 2019 to 2025 RI PUC 5043 
EnergyNorth 2.3 15,650 165 2017 to 2022 NH PUC DG 17-152 

Northern Utilities 1.5 15,628 143 2019 to 2024 NH PUC DG 19-126 
Vermont Gas 0.2 7,162 72 2020 to 2025 VT PUC 20-1520 

Total  448,557 4,585   

Gas supply resources 

The natural gas consumed in New England comes from the natural gas pipelines that transport gas from 

producing areas in the United States and Canada, and import terminals in Massachusetts and New 

Brunswick that receive LNG by ship. A small, but growing amount of natural gas is transported into New 

England by truck as either LNG or compressed natural gas (CNG). 

Gas transmission pipelines 

Six major natural gas pipeline systems deliver gas to New England markets (see Figure 6). 

Tennessee Gas Pipeline (TGP): Two branches of the TGP mainline deliver gas into New England. The 

ά200 Lineέ enters Massachusetts from upstate New York and extends into the Boston area. The ά300 

 

29 aŀǎǎŀŎƘǳǎŜǘǘǎ hŦŦƛŎŜ ƻŦ ǘƘŜ !ǘǘƻǊƴŜȅ DŜƴŜǊŀƭΩǎ WǳƴŜ пΣ нлнл ǇŜǘƛǘƛƻƴ ƛƴ 5ƻŎƪŜǘ 5ΦtΦ¦Φ нл-80, pp. 12-13.  
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Lineέ enters southwestern Connecticut and connects to the 200 Line at Agawam, MA. Lateral pipelines 

transport gas into Rhode Island and New Hampshire.  

Algonquin Gas Transmission (AGT): AGT is a regional pipeline that extends from central New Jersey to 

Boston. AGT receives gas from TGP at Mahwah, NJ and from Millennium Pipeline at Ramapo, NY. AGT 

delivers gas in Connecticut, Rhode Island, and Massachusetts. The AGT system also includes a 25-mile 

ǳƴŘŜǊǎŜŀ ǇƛǇŜƭƛƴŜ όǘƘŜ άIǳō[ƛƴŜέύ that extends from Weymouth, MA to an interconnection with 

Maritimes & Northeast Pipeline (MNP) in Salem, MA.  

Iroquois Gas Transmission System (IGTS): IGTS connects with the TransCanada PipeLines system (TCPL) 

at Waddington, NY. IGTS crosses the southwestern corner of Connecticut before terminating in Long 

Island and New York City. IGTS connects with TGP at Wright, NY, and with AGT at Brookfield, CT. Direct 

deliveries from IGTS into the New England are constrained by the capacity of Connecticut LDCs and 

power generators to receive gas at IGTS meters and competition from downstream markets in New 

York.  

Portland Natural Gas Transmission System (PNGTS): PNGTS receives natural gas from TCPL at the New 

Hampshire-Quebec border. TCPL delivers this gas using capacity that it holds on ¢Ǌŀƴǎ/ŀƴŀŘŀΩǎ ό¢Ǌŀƴǎ 

Quebec and Maritimes) TQM pipeline. PNGTS connects with MNP at Westbrook, ME and delivers gas 

into TGP at Dracut, MA.  

Maritimes & Northeast Pipeline (MNP): MNP was originally built to transport gas from offshore Nova 

Scotia to Canadian and U.S. markets.30 The U.S. portion of the MNP system extends from the Maine-

New Brunswick border to northeastern Massachusetts. MNP also receives gas from the Brunswick 

Pipeline, which is the outlet for the Canaport LNG terminal at St. John in New Brunswick. MNP connects 

with PNGTS at Westbrook, ME, with TGP at Dracut, MA, and with AGT at Salem, MA.  

TransCanada PipeLines (TCPL): The TCPL mainline extends from Alberta to Quebec. TCPL receives gas in 

Alberta and from Enbridge Gas at the Parkway interconnect in southwestern Ontario.31 TCPL connects 

directly to Vermont Gas System (VGS), and delivers gas into IGTS and PNGTS.  

Liquefied natural gas (LNG) import terminals 

Imported LNG is received at three terminals located in Massachusetts and New Brunswick.  

Distrigas of Massachusetts: The Distrigas LNG terminal, located in Everett, MA, delivers gas to TGP, AGT, 

National Grid, and the Mystic Generating plant. Distrigas also delivers LNG into trucks that supply 

peaking gas facilities throughout the region.32 

 

30 Natural gas production in Nova Scotia ended in 2018. 

31 Enbridge Gas (formerly Union Gas Limited) operates the Dawn Hub. 

32 The Distrigas terminal is owned by an Exelon Corporation subsidiary. 
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Northeast Gateway: Northeast Gateway is an offshore LNG receiving facility that connects to the AGT 

HubLine. Northeast Gateway began operating in 2008, but it has received only a few winter-season 

shipments in recent years.33 

Canaport LNG: The Canaport LNG terminal has close to 10 Bcf of storage capacity and can send out 

approximately 1Bcfd. Repsol Energy North America, the Canaport operator, has a long-term contract for 

firm transportation service on MNP and uses this capacity to deliver gas at Dracut and Salem, and to 

markets in Maine. 

Figure 6. Natural gas pipeline infrastructure in New England and nearby regions 

 
Source: Synapse Energy Economics, 2021. 

Natural gas delivery capacity 

Total gas delivery capacity into New England increased by roughly 4 percent from 2018 to 2021 and is 

expected grow by another 1.5 percent from 2021 to 2024 (see Table 2). For AGT and TGP, we show the 

estimated west-to-east capacity to deliver gas into New England from New York. The IGTS capacity is an 

estimate of the amount of gas that can be received in Connecticut, and it excludes capacity used to 

ǘǊŀƴǎǇƻǊǘ Ǝŀǎ ǘƘǊƻǳƎƘ bŜǿ 9ƴƎƭŀƴŘ ǘƻ ŘƻǿƴǎǘǊŜŀƳ ƳŀǊƪŜǘǎ ƛƴ bŜǿ ¸ƻǊƪΦ ¢ƘŜ ά¢/t[ 5ƛǊŜŎǘέ ǉǳŀƴǘƛǘƛŜǎ 

are the receipt capacities of VGS and PNGTS at the U.S.-/ŀƴŀŘŀ ōƻǊŘŜǊΦ ¢ƘŜ ά[bD 5ŜǇŜƴŘŜƴǘέ ǉǳŀƴǘƛǘƛŜǎ 

 

33 A second offshore LNG receiving terminal, Neptune, was built about the same time, but is now inactive. 
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show the certificated end-to-end capacity of the MNP pipeline and the estimated sendout capacity of 

the Distrigas facility, based on the take-away capacity of the interconnected pipelines. Note that the 

effective delivery capacity for MNP and Distrigas at any point in time is likely to be lower than shown in 

the table, since it will depend on the availability of LNG supply.  

The supply of natural gas to the New England market is also reduced by exports to New Brunswick and 

Nova Scotia. EIA reports that 0.25 Bcfd of natural gas flowed into New Brunswick from Maine in 2019.34 

Canadian LDCs and end-users have contracted for pipeline capacity in the Atlantic Bridge, Portland 

XPress, and Westbrook XPress expansion projects.  

 Table 2. Historical and Projected Natural gas delivery capacity into New England (Bcfd) 

 JAN 2018 JAN 2021 JAN 2024 

 

AGT 1.82 1.91 1.91 

TGP 1.39 1.39 1.42 

IGTS 0.26 0.26 0.26 

West-to-East 3.47 3.56 3.59 

 

PNGTS 0.21 0.32 0.40 

VGS 0.07 0.08 0.08 

TCPL Direct 0.28 0.40 0.48 

 

MNP 0.83 0.83 0.83 

Distrigas 0.70 0.70 0.70 

LNG Dependent 1.53 1.53 1.53 

    

TOTAL 5.28 5.49 5.60 
 

Table 3 provides details on recent and planned pipeline expansion projects that affect gas delivery 

capacity into the New England market. 

 

34 U.S. EIA. Last accessed March 9Σ нлнмΦ ά¦Φ{Φ bŀǘǳǊŀƭ Dŀǎ 9ȄǇƻǊǘǎ ŀƴŘ wŜ-9ȄǇƻǊǘǎ ōȅ tƻƛƴǘ ƻŦ 9ȄƛǘΦέ eia.gov. Available at 

https://www.eia.gov/dnav/ng/ng_move_poe2_a_EPG0_ENP_Mmcf_a.htm.  

https://www.eia.gov/dnav/ng/ng_move_poe2_a_EPG0_ENP_Mmcf_a.htm
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Table 3. Recent and planned New England pipeline expansions 

Pipeline Project 
Capacity 
(Bcfd) 

Description Status 

AGT AIM 0.342 
Expand from Ramapo, NY to 

New England citygates 
Completed early 2017 

TGP CT Expansion 0.072 
Expand from Wright, NY to CT 

citygates 
Completed in 2017 

AGT Atlantic Bridge 0.133 
Expand from Ramapo, NY to 

Salem, MA 
Added 0.040 Bcfd in 2017, 0.093 

Bcfd in 2019 

TGP 261 Upgrades 0.027 
Upgrade compression and 

expand Agawam, MA lateral 
Lateral completed 2020. 

Compression planned for 2021 

PNGTS Portland XPress 0.064 
Expand from Canadian border 

to Dracut, MA 
Completed 2018, 2019, and 2020 

PNGTS 
Westbrook 

XPress 
0.123 

Expand from Canadian border 
to Westbrook, MA and Dracut 

Added 0.043 Bcfd in 2020. Phases 
II and III in 2021 and 2022. 

Total - 0.761 - - 

Peaking facilities 

Most New England LDCs operate on-system peaking facilities that inject either vaporized LNG or 

propane into the distribution system during periods of high gas demand (see Table 4). The total design-

day production capacity for these facilities is approximately 1.5 Bcfd. Many of the LDC peaking facilities 

have on-site storage, but others are satellite facilities that require mid-winter refill by truck.  

Table 4. New England LDC peaking facilities 

Gas Utility Type Number of facilities 
Aggregate Delivery 
Capacity (Bcf/day) 

Aggregate Storage 
Capacity (Bcf) 

National Grid (MA) LNG 7 0.508 4.934 

Eversource Gas LNG 4 0.112 1.688 

NSTAR Gas LNG 2 0.210 3.650 

Liberty (MA) LNG 1 0.018 0.165 

Berkshire Gas LNG 1 0.003 0.010 

Fitchburg Gas LNG 1 0.003 0.003 

CT Natural Gas LNG 1 0.105 1.142 

Southern CT LNG 1 0.082 1.142 

Yankee Gas LNG 1 0.105 1.200 

National Grid (RI) LNG 2 0.174 2.462 

EnergyNorth LNG 3 0.013 0.013 

Northern Utilities LNG 1 0.006 0.012 

Eversource Gas Propane 4 0.058 0.137 

Berkshire Gas Propane 3 0.008 0.053 

Fitchburg Gas Propane 1 0.011 0.030 

EnergyNorth Propane 3 0.035 0.108 

Vermont Gas Propane 1 0.008 0.015 

Total   1.459 16.764 
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Compressed natural gas 

Several companies operate compression facilities in New England that fill large-capacity truck trailers 

with CNG.35 The primary customers for trucked CNG are industrial and large commercial end-users that 

would not otherwise have access to natural gas. LDCs can also use CNG as a winter peaking resource, or 

as a source of gas supply for isolated market areas.36  

CNG can expand the natural gas market by allowing large end-users to switch to gas from another fuel. 

However, the impact that CNG will have on the New England gas market will depend on where the CNG 

is produced. When CNG is produced locally, it can increase the need for pipeline capacity to deliver gas 

into the New England region. CNG facilities that are connected to LDCs (iNATGAS, for example, is a firm 

sales customer of EnergyNorth) can also increase the requirement for gas supply resources and 

distribution capacity. Alternatively, CNG that is transported into New England from compression 

facilities outside the region can be a source of gas supply that reduces the need for pipeline capacity and 

other sources of supply. For example, XNG has modified its Eliot, ME facility to also receive CNG and 

inject gas into the M&N/PNGTS joint facilities pipeline. 

Renewable natural gas 

RNG is pipeline-quality gas that is extracted from landfills, or produced from waste material using 

anaerobic digesters. Substituting RNG for natural gas is a means of reducing GHG emissions. See Section 

8.1. Non-embedded GHG costs for a larger discussion on RNG costs and potentials. 

Vermont Gas and Summit Natural Gas of Maine (SNGME) have implemented voluntary sales programs 

under which customers can choose to have a portion of their gas consumption backed by RNG.37 Both 

programs currently use RNG that is produced outside of New England.38 

Several projects are proposed or in development that would supply RNG to New England LDCs:  

¶ An anaerobic digester facility under construction at a dairy farm in Salisbury, VT is 

expected to deliver 180,000 Mcf per year to Vermont Gas.39  

 

35 NG Advantage has facilities in Milton, VT and Pembroke, NH. Xpress Natural Gas (XNG) has facilities in Eliot, ME and 

Baileyville, ME. Innovative Natural Gas (iNATGAS) has facilities in Worcester, MA and Concord, NH.  

36 CƻǊ ŜȄŀƳǇƭŜΣ ·bD ǎǳǇǇƭƛŜǎ /bD ǘƻ 9ƴŜǊƎȅbƻǊǘƘΩǎ YŜŜƴŜΣ bI distribution system. 

37 {ǳƳƳƛǘ bŀǘǳǊŀƭ Dŀǎ aŀƛƴŜΦ [ŀǎǘ ŀŎŎŜǎǎŜŘ aŀǊŎƘ млΣ нлнмΦ ά! tǊƻƎǊŀƳ ǘƻ ƘŜƭǇ .ǳƛƭŘ ŀ {ǳǎǘŀƛƴŀōƭŜ 9ƴŜǊƎȅ CǳǘǳǊŜΦέ 

summitnaturalgas.com. Available at https://www.summitnaturalgasmaine.com/RenewableNaturalGas.  

38 RNG for the Vermont Gas program comes from a landfill in Quebec and a wastewater treatment plant in Iowa. SNGME is 

buying RNG attributes from a landfill in Oklahoma. 

39 ±ŀƴƎǳŀǊŘ wŜƴŜǿŀōƭŜǎΦ [ŀǎǘ ŀŎŎŜǎǎŜŘ aŀǊŎƘ млΣнлнмΦ ϦDƻƻŘǊƛŎƘ CŀǊƳΦέ Vanguardrenewables.com. Available at 

https://vanguardrenewables.com/portfolio-items/goodrich-farm-salisbury-vt/ .  

https://www.summitnaturalgasmaine.com/RenewableNaturalGas
https://vanguardrenewables.com/portfolio-items/goodrich-farm-salisbury-vt/
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¶ In August 2020 SNGME received Maine PUC approval to buy up to 146,000 Mcf of RNG 
per year from Peaks Renewables, Inc., which is developing an anaerobic digester facility 

at a dairy farm in Clinton, ME.40  

¶ In 2018, EnergyNorth asked the New Hampshire PUC to approve an agreement to buy 
RNG that would be produced at a landfill in Bethlehem, NH. Because of the location of 

the landfill, the RNG would be compressed, and delivered to EnergyNorth by truck.41  

2.4. Avoided natural gas cost methodology  

AESC 2021 uses the same avoided cost methodology used for AESC 2018, as described below. 

Avoidable gas supply costs 

Gas supply resources are often categorized as baseload, intermediate, or peaking. Baseload resources, 

such as pipeline capacity that extends from outside the local market area, tend to have a relatively high 

fixed cost but a lower variable cost. This type of resource is best suited to supplying high-load-factor 

uses, where gas is consumed at a relatively constant rate throughout the year. Peaking resources, such 

as on-system LNG, typically have lower fixed costs but higher variable costs. These types of resources 

are a better fit for gas requirements that occur on a limited number of days per year. Intermediate 

resources, such as short-haul pipeline capacity or a winter season gas storage service, are often used to 

support winter heating requirements. 

The avoided natural gas supply cost for an LDC will depend on the characteristics of the gas requirement 

reduced, and the cost of the marginal resource that would be used to supply each type of load. For 

example, if the load reduction is limited to commercial and industrial non-heating customers, the 

avoided cost will usually be the marginal cost of a baseload gas supply resource. For a change in 

residential heating load, the avoided cost is likely to involve a combination of resources, since the 

variable gas usage pattern of residential heating customers utilizes a wider range of gas supply 

resources.  

Estimates of the gas supply costs that can be avoided by energy efficiency program savings are 

calculated for each state, by region, for each of the following end-use categories: 

1. Electric generation 

2. Commercial and industrial non-heating 

3. Commercial and industrial heating 

 

40 ME PUC Docket No. 2020-00089. SNGME will buy the gas produced by the facility, but not the RNG Attributes. Peaks 

Renewables is an affiliate of SNGME. 

41 NH PUC Docket No. DG 18-140. EnergyNorth withdrew its application to the NH PUC in February 2020, but did not state that 

the project has been abandoned. 
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4. Residential heating 

5. Residential water heating 

6. Residential non-heating 

7. All commercial and industrial 

8. All residential 

9. All retail end-uses 

We provide avoided natural gas values by costing period, allowing readers of AESC to develop more 

specific avoided costs for other measures not listed above.  

Our natural gas avoided cost methodology has three steps. 

Step 1 is to identify the marginal gas supply resource for each load type (i.e., baseload, intermediate, or 

peaking). For electric generation, we assume the applicable natural gas cost is the New England 

wholesale market price. For the retail end-use categories, we examine the existing and potential gas 

supply resources that would potentially be the marginal source of supply.  

For each resource that could potentially be increased or decreased in response to a change in gas 

requirements, we then estimate the total delivered cost of the resource for each costing period, 

expressed in $/MMBtu/year. We exclude unavoidable costs. The marginal resource for each costing 

period is assumed to be the resource with the lowest delivered cost over the forecast horizon. 

Step 2 is to determine the percentage of load for each end-use type that corresponds to each costing 

period. For all states except Vermont, we use the same six costing periods used in AESC 2018 as detailed 

below:42 

1. Highest 10 days 

2. Highest 30 days 

3. Highest 90 days  

4. Winter (November-March) 

5. Winter/Shoulder (All months except June-August)  

6. Annual Baseload 

These costing periods generally correspond to the different types of gas supply resources that New 

England LDCs acquire to meet projected end-use requirements. Requirements that extend through the 

 

42 For Vermont, natural gas avoided costs are estimated for four time-of-use costing periods: peak day, next highest nine days, 

remaining winter (141 days), and summer/shoulder (214 days). 
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Annual Baseload and Winter/Shoulder periods are typically met with pipeline capacity from outside the 

region. Winter period requirements, and gas requirements that must be met at least 90 days per year, 

are often supplied using pipeline capacity from New England supply points or contracts for delivered 

gas. The shorter-duration requirements are typically supplied using on-system peaking resources and 

contracts for delivered peaking supplies.  

The load shares for each end-use type are calculated from a load curve that combines a representative 

gas use equation (base use per day and use per heating degree day, or HDD) and a representative HDD 

distribution. This is illustrated by Figure 7, which shows a sample load curve for the Commercial and 

Industrial Heating end-use category. The load share for the Winter costing period, for example, is based 

on the amount of gas use that occurs at least 151 days per year, minus the gas use that only occurs on 

the highest 90 days. A resource that supplies planning load requirements during the Winter costing 

period would be used an average of 120 days per year, which corresponds to an annual load factor of 33 

percent. 

Figure 7. Illustrative commercial and industrial heating load shape 

 

Step 3 is to multiply the marginal resource cost for each costing period by the corresponding load 

percentages. Summing the results over all costing periods gives the total annual avoided cost for each 

end-use. This calculation is repeated for each end-use type, for each year of the forecast period as 

illustrated in Table 5. 
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Table 5. Illustrative avoided cost calculation 

Costing Period 
Marginal Resource Cost 

($/MMBtu) 
Share of Annual Gas Use 

Weighted Average 
($/MMBtu) 

 (A) (B) (A) x (B) 

Annual $4.00 - - 
Winter/Shoulder $5.00 60% $3.00 
Winter $6.00 25% $1.50 
Highest 90 Days $8.50 10% $0.85 
Highest 30 Days $15.00 4% $0.60 
Highest 10 days $30.00 1% $0.30 

ILLUSTRATIVE AVOIDED COST FOR THIS END-USE TYPE Ҧ $6.25 

Assumptions and data sources 

The following sections contain information about the assumptions and data sources used to construct 

avoided natural gas costs for New England.  

New England regions 

Natural gas avoided costs are estimated for three regions: (1) southern New England (Connecticut, 

Rhode Island, and Massachusetts); (2) northern New England (New Hampshire, Maine); and (3) 

Vermont. 

Load shares 

The load shares used for the avoided cost calculation are based on a representative HDD distribution, as 

well as base use per day and use per HDD factors by end-use category that were provided by study 

sponsors.43 The same load share factors are used for all regions. The proportions of baseload and 

temperature-sensitive gas use for the five end-use categories are shown in Table 6. 

Table 6. Base use and heating factors by end-use 

End-use 
Base use 
(Percent) 

Temperature sensitive  
(Percent) 

Residential Heating - 100% 
Residential Water Heating 69% 31% 
Residential Non-Heating 100% - 
Commercial & Industrial Heating 21% 79% 
Commercial & Industrial Non-Heating 68% 32% 

Natural gas transmission costs 

For AESC 2021, transmission costs are measured using the rates that New England LDCs pay to upstream 

pipelines for firm transportation services. These rates include a fixed reservation charge that is applied 

 

43 This assumes that the daily temperature distributions for the New England states are similar, even though the total annual 

HDDs are different in each state.  
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to the daily contract quantity and a variable charge that is applied to the quantity of gas transported. 

Pipelines aƭǎƻ ǊŜǘŀƛƴ ŀ ǇŜǊŎŜƴǘŀƎŜ ƻŦ ǘƘŜ Ǝŀǎ ǘǊŀƴǎǇƻǊǘŜŘ ŦƻǊ ŎƻƳǇǊŜǎǎƻǊ ŦǳŜƭ ŀƴŘ ŦƻǊ άƭƻǎǘ ŀƴŘ 

ǳƴŀŎŎƻǳƴǘŜŘ ŦƻǊέ Ǝŀǎ (see page 46). 

Because the cost to build new pipeline facilities is generally higher than the costs of the depreciated 

ŀǎǎŜǘǎ ǘƘŀǘ ŀǊŜ ǳǎŜŘ ǘƻ ǎŜǘ ǘƘŜ ǇƛǇŜƭƛƴŜǎΩ ǎǘŀƴŘŀǊŘ Ŏƻǎǘ ƻŦ ǎŜǊǾƛŎŜ ǊŀǘŜǎΣ ƛƴǘŜǊǎǘŀǘŜ ǇƛǇŜƭƛƴŜǎ ǳǎǳŀƭƭȅ 

ŎƘŀǊƎŜ ƘƛƎƘŜǊ άƛƴŎǊŜƳŜƴǘŀƭέ ǊŀǘŜǎ ŦƻǊ ƴŜǿ ǎŜǊǾƛŎŜǎ ǘƻ ŀǾƻƛŘ ǎǳōǎƛŘƛȊŀǘƛƻƴ ōȅ ǘƘŜ ǇƛǇŜƭƛƴŜΩǎ other 

shippers. Shippers that participate in pipeline expansion projects often enter into negotiated rate 

agreements that set the transportation rate over the initial contract term.  

The avoided cost estimates in AESC 2021 assume that LDCs can adjust the amount of transmission 

service they have under contract when customer requirements change. In a market such as New 

England, where natural gas use by LDC planning load customers is projected to increase, energy 

efficiency measures that reduce gas use should cause future pipeline expansions to be smaller.44 For 

pipelines that price new capacity using incremental rates, the avoided transmission cost is the actual or 

proposed ǊŀǘŜ ŦƻǊ ǘƘŜ ŀǇǇƭƛŎŀōƭŜ ǇƛǇŜƭƛƴŜΩǎ Ƴƻǎǘ current mainline expansion project. For the Canadian 

pipelines, which do not charge incremental rates for new capacity, the avoided cost is measured by the 

tariff rate.  

Gas resource options for AESC 2021 

Based on our review of New England LDC forecasts and resource plans, and other public material filed 

with state regulators, we assume that LDCs will obtain additional gas supplies using a combination of the 

representative gas resource options described here: 

Resource 1: Dawn Hub supply via TCPL 

This supply option includes Enbridge Gas transportation service from the Dawn Hub to TCPL, TCPL 

service to PNGTS, and service on PNGTS to Dracut. LDCs in southern New England also contract for TGP 

service to move gas Dracut to their city gates.  

Vermont Gas currently obtains all pipeline-delivered gas supplies from the Dawn Hub and other Ontario 

points through its direct connection to TCPL. We assume that this will continue. 

The costs for this option are based on Enbridge Gas and TCPL 2021 transportation rates and projected 

PNGTS expansion costs (see Table 7). Pipeline costs include the fixed reservation charge, shown as an 

average cost per MMBtu, the variable transportation charge, and the percentage of the natural gas 

transported that the pipeline retains for compressor fuel and unaccounted-for gas (see page 46). The 

gas commodity cost is the projected Dawn Hub price. 

 

44 See Table 3 for a list of recent and planned pipeline expansion projects. 
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Table 7. Transmission costs for the Dawn Hub capacity path 

Transporter Receipt Delivery 
Fixed Cost 
($/MMBtu) 

Variable Cost 
($/MMBtu) 

Fuel 
(Percent) 

Enbridge Gas Dawn Hub Parkway 0.099 0.0 0.8% 
TCPL Parkway VGS 0.446 0.0 0.9% 
TCPL Parkway PNGTS 0.569 0.0 1.5% 

PNGTS TCPL Dracut 0.854 0.0 0.7% 
TGP Dracut TGP Zone 6 0.137 0.029 0.1% 

Resource 2: Marcellus supply via AGT 

This pipeline capacity path extends from the Marcellus shale gas producing areas in Western 

Pennsylvania to New England markets. The costs for this path include the Millennium Pipeline 

transportation costs from the Marcellus area to Ramapo, NY, and the incremental rates charged for 

Atlantic Bridge expansion project for transportation from Ramapo to New England. For northern New 

England, there are additional transportation costs on MNP to deliver gas from the end of the AGT 

system to markets in New Hampshire and Maine (see Table 8). The TETCO M2 index is used as the 

representative price for Marcellus-area gas supply received by Millennium Pipeline. 

Table 8. Transmission costs for the Marcellus capacity path 

Transporter Receipt Delivery 
Fixed Cost 
($/MMBtu) 

Variable Cost 
($/MMBtu) 

Fuel 
(Percent) 

Millennium Marcellus Ramapo 0.583 0.002 1.4% 
AGT Ramapo Salem 1.805 0.0 2.6% 
MNP Salem NH or ME 0.522 0.0 0.9% 

Resource 3: Dracut supply via TGP (southern New England) 

Gas is purchased at Dracut, where TGP connects with MNP and PNGTS, and is transported on TGP to the 

LDC city gate (see Table 9). LDCs are assumed to contract for winter season supply priced at the AGT 

Citygates index plus a fixed premium. 

Table 9. Transmission costs for Dracut supply 

Transporter Receipt Delivery 
Fixed Cost 
($/MMBtu) 

Variable Cost 
($/MMBtu) 

Fuel 
(Percent) 

TGP Dracut TGP Zone 6 0.137 0.029 0.1% 

Resource 4: Delivered gas supplies (northern New England) 

The northern New England LDCs that are connected to MNP and PNGTS contract for firm gas winter-

season gas supply delivered at their citygates. We assume that the delivered gas cost is the AGT 

Citygates price plus a fixed premium. 

Resource 5. On-system peaking resources (northern New England and Vermont) 

The larger LDCs in northern New England (Northern Utilities and EnergyNorth) use LNG trucked to 

satellite peaking facilities to meet winter gas requirements. When peak-period requirements increase, 

these LDCs contract for additional LNG supplies to cycle their limited on-site LNG storage capacity. These 
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LDCs are also considering new LNG facilities to meet future increases in peak day demand. We assume 

that the cost of gas from an LNG peaking facility is the average AGT Citygates price for the peak winter 

months, plus a fixed premium. The peaking costs for Vermont are based on a forecast of propane prices. 

Other sources of natural gas supply 

There are other sources of natural gas supply that do not enter into the AESC 2021 avoided cost 

calculations. 

Underground gas storage 

Most New England LDCs hold contracts for seasonal storage service from underground gas storage 

facilities located in New York, Pennsylvania, and Ontario. With the growth of Marcellus shale gas 

production, underground storage is used less as a gas supply resource and more as a price hedging and 

operational balancing tool. Based on our review, LDC decisions to renew or terminate these contracts do 

not appear to be closely tied to changes in projected customer requirements. As with AESC 2018, we do 

not include storage service costs in the natural gas avoided cost estimates. 

Compressed natural gas 

Our review of New England LDC forecasts and supply plans found that several LDCs are considering CNG 

as a future gas supply resource, but we did not find evidence that CNG is expected to have a significant 

ƛƳǇŀŎǘ ƻƴ ǘƘŜǎŜ [5/ǎΩ Ǝŀǎ ǎǳǇǇƭȅ ŎƻǎǘǎΦ  

Renewable natural gas  

RNG is both a physical gas supply resource and a means of meeting GHG reduction goals. As a supply 

resource, several projects that would inject RNG into New England LDC distribution systems are 

proposed, or in active development (see Section 2.3. New England natural gas market for additional 

information). Connecticut LDCs are required to have standard RNG interconnection rules to facilitate 

future RNG production in that state.45 However, because RNG is valued for its environmental benefits, 

RNG is not expected to be a marginal supply resource with production that varies with changes in gas 

consumption. For this reason, local RNG production is not included as a physical supply resource for the 

AESC 2021 avoided cost calculations. 

There is also a market for RNG attributes. Vermont Gas recently began including the cost of purchasing 

RNG attributes in the cost of gas adjustment.46 The VGS Climate Plan includes a goal of reducing GHGs 

by 30 percent by 2030. To reach this goal, VGS estimates that approximately 20 percent of its retail gas 

supply will need to be RNG. This includes RNG acquired for its voluntary sales program, and RNG 

attribute purchases that are included in system gas supǇƭȅΦ .ŜŎŀǳǎŜ ±D{Ω wbD ŀǘǘǊƛōǳǘŜ ǇǳǊŎƘŀǎŜǎ ŀǊŜ 

 

45 CT PURA Docket No. 19-07-04. 

46 VT PUC Case No. 20-0431-TF, Direct Testimony of Todd Lawliss, p. 12. 
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tied to increases or decreases in customer requirements, RNG costs are included in the avoided costs for 

Vermont.  

Lost and unaccounted for gas 

The total quantity of gas measured at customer meters is generally lower than the measured quantity 

the LDC receives into its system because of lost and unaccounted for gas (LAUF). For New England LDCs, 

the difference between measured receipts and deliveries is typically between 1 and 2 percent. LAUF 

causes the gas requirement at the LDC citygate to be slightly greater than the amount delivered to 

customers, which increases gas supply costs. We use a LAUF factor of 1.75 percent for all regions outside 

of Vermont, and a 1.0 percent LAUF factor for VGS.  

Natural gas distribution margin 

Natural gas distribution systems are designed to meet the projected peak hourly requirements of the 

[5/Ωǎ ŦƛǊƳ ŎǳǎǘƻƳŜǊǎΦ ²ƘŜƴ Ǝŀǎ ǳǎŜ ƛǎ ƛƴŎǊŜŀǎƛƴƎΣ [5/ǎ ŜȄǇŀƴŘ ŎŀǇŀŎƛǘȅ ōȅ ŀŘŘing new mains, by 

replacing existing mains with larger-diameter pipe, or by replacing older mains with pipe that can be 

operated at a higher pressure. Efficiency measures that lower peak gas use avoid the cost of new 

facilities and associated increases in operation and maintenance (O&M) costs.47 

LDC marginal cost studies use econometric analysis and engineering estimates to calculate the 

relationship between expenditures for plant and O&M and changes in peak day demand. The results 

from these studies are used to design rates and to set floors for the rates charged under special 

contracts. For AESC 2021 we use the results from recent marginal cost studies prepared by New England 

LDCs. These are presented in Table 10, which also shows the avoidable LDC margins for southern New 

England that were used for AESC 2018.48 

 

47 Some mains-replacement projects reduce leakage risk and hence maintenance costs; it is not clear to what extent load 

growth results in more mains replacement, as opposed to changes in the order of replacements. 

48 AESC 2018 used marginal costs from a recent LDC rate case to estimate the portion of the distribution rate for each class of 

customer that was related to changes in system capacity. These percentages were then applied to average distribution 
margins for each New England region. Average distribution margins were calculated by subtracting the citygate natural gas 
price from the residential, commercial, and industrial prices that are reported by EIA for each state. 
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Table 10. Marginal distribution capacity cost by customer class (2021 $ per MMBtu) 

Company 
Docket 
Number 

Residential Commercial / Industrial 
Annual Use 

(Bcf) Non- 
Heating 

Heating 
High Load 

Factor 
Low Load 

Factor 

National Grid (Boston Gas) 17-170 0.960 1.327 0.861 1.391 95.4 

National Grid (Colonial Gas) 17-170 1.000 1.418 0.960 1.511 23.8 

Berkshire Gas 18-40 0.959 1.518 0.661 1.531 7.6 

Eversource Gas 18-45 0.453 0.694 0.387 0.744 51.8 

NSTAR Gas 19-120 1.521 2.205 1.128 2.122 51.7 

EnergyNorth DG 20-105 0.937 1.607 0.544 1.597 15.7 

Northern - Maine 2019-00092 0.635 0.817 0.301 0.708 10.8 

Weighted Average  0.96 1.39 0.78 1.41  

AESC 2018 (2018 $/MMBtu)  0.33 1.09 0.42 0.75  

AESC 2018 (2021 $/MMBtu)  0.35 1.15 0.44 0.79  

2.5. Avoided natural gas costs by end-use 

A summary of the natural gas avoided cost estimates is shown in Table 11, Table 12, and Table 13. 

Avoided costs are developed for three regions: southern New England (Connecticut, Massachusetts, 

Rhode Island), northern New England (Maine, New Hampshire), and Vermont. Vermont is shown 

separately because it uses a different avoided gas cost methodology. The results are shown with and 

without the avoided LDC margin and are compared to the values from AESC 2018.  

Table 11. Avoided costs of gas for retail customers by end-use assuming no avoidable margin (2021 $ per 
MMBtu) 

 
Residential Commercial & Industrial 

All retail 
end-uses 

Non 
Heating 

Hot 
Water 

Heating All 
Non 

Heating 
Heating All 

Southern New England 
AESC 2018 $6.16 $8.09 $8.64 $8.16 $6.98 $8.12 $7.62 $7.91 
AESC 2021 $4.67 $5.52 $7.42 $6.63 $5.60 $6.86 $6.31 $6.48 

2018 to 2021 change -24% -32% -14% -19% -20% -15% -17% -18% 
Northern New England 
AESC 2018 $5.95 $7.74 $8.24 $7.80 $6.71 $7.77 $7.31 $7.57 
AESC 2021 $4.51 $5.39 $7.38 $6.55 $5.48 $6.79 $6.22 $6.39 

2018 to 2021 change -24% -30% -11% -16% -18% -13% -15% -16% 

Notes: AESC 2018 levelized costs are for 15 years (2018ς2032) at a discount rate of 1.34 percent. AESC 2021 levelized costs are 
for 15 years (2021ς2035) at a discount rate of 0.81 percent. 
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Table 12. Avoided costs of gas for retail customers by end-use assuming some avoidable margin (2021 $ per 
MMBtu) 

 
Residential Commercial & Industrial 

All retail 
end-uses 

Non 
Heating 

Hot 
Water 

Heating All 
Non 

Heating 
Heating All 

Southern New England 
AESC 2018 $6.51 $8.31 $9.66 $9.04 $7.37 $8.79 $8.17 $8.61 
AESC 2021 $5.63 $6.48 $8.81 $7.86 $6.38 $8.27 $7.45 $7.67 

2018 to 2021 change -14% -22% -9% -13% -13% -6% -9% -11% 
Northern New England 
AESC 2018 $6.28 $8.06 $9.30 $8.73 $7.01 $8.30 $7.73 $8.06 
AESC 2021 $5.47 $6.35 $8.76 $7.79 $6.26 $8.19 $7.35 $7.58 

2018 to 2021 change -13% -21% -6% -11% -11% -1% -5% -6% 

Notes: AESC 2018 levelized costs are for 15 years (2018ς2032) at a discount rate of 1.34 percent. AESC 2021 levelized costs are 
for 15 years (2021ς2035) at a discount rate of 0.81 percent. 

Table 13. Avoided costs of gas for retail customers by end-use for Vermont (2021 $ per MMBtu) 

 All sectors 

 Design Day Peak Days Remaining Winter 
Shoulder/ 
Summer 

Vermont     
AESC 2018 $591.58 $27.68 $5.15 $4.72 
AESC 2021 $556.10 $17.08 $5.11 $4.75 

2018 to 2021 change -6% -38% -1% 1% 

Notes: AESC 2018 levelized costs are for 15 years (2018ς2032) at a discount rate of 1.34 percent. AESC 2021 levelized costs are 
for 15 years (2021ς2035) at a discount rate of 0.81 percent. 

Southern New England and Northern New England 

The AESC 2021 avoided cost estimates are lower than the AESC 2018 estimates, but the change in the 

avoided costs is not as large as the change in the Henry Hub and Algonquin Citygate commodity price 

forecasts. The main reason is that the cost of expanding natural gas pipeline capacity into New England 

continues to rise. For AESC 2021, the incremental cost to expand capacity on PNGTS is assumed to be 

$0.85 per MMBtu, which is 40 percent higher than the transportation charge that was used for AESC 

нлмуΦ ¢ƘŜ Ŧƛƴŀƭ ǊŀǘŜǎ ŎƘŀǊƎŜŘ ŦƻǊ !D¢Ωǎ !ǘƭŀƴǘƛŎ .ǊƛŘƎŜ ŜȄǇŀƴǎƛƻƴ ǇǊƻƧŜŎǘ ŀǊŜ мп ǇŜǊŎŜƴǘ ƘƛƎƘŜǊ ǘƘŀƴ ǘƘŜ 

previous estimate. Because pipeline operators recover capital costs and most operating costs through a 

fixed monthly charge, the impact of the higher incremental pipeline charges is amplified for lower load 

factor end-uses, such as residential heating. 

Comparing the two Southern New England and Northern New England regions, because the marginal 

gas transmission path used to calculate the avoided costs for both northern New England and southern 

New England runs from the Dawn Hub in Ontario through northern New Hampshire, additional gas 

pipeline charges cause the avoided costs for southern New England to be slightly higher. However, the 

difference in avoided costs between southern New England and northern New England is smaller for 

AESC 2021 than for AESC 2018.  
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Vermont 

The natural gas avoided cost estimates for Vermont use the end-use costing periods and methodology 

developed for previous AESC studies. The Design Day avoided cost is the marginal upstream supply and 

delivery cost, plus the marginal LDC transmission cost. The Canadian pipeline tolls that set the upstream 

delivery costs for VGS are slightly lower for AESC 2021 than for AESC 2018, due in part to the change in 

the Canadian dollar exchange rate. The avoided cost for the remaining nine Peak Days reflects the lower 

delivered cost of propane for the VGS peaking facility.   
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3. C¦9[ hL[ !b5 h¢I9w C¦9[ /h{¢{ 

In this chapter, we present the avoided fuel oil and other fuel costs used for AESC 2021, compare those 

estimates with AESC 2018, and identify the data sources used.  

This section analyzes oil prices in $/MMBtu for the four sectors: electric generation, residential, 

commercial, and industrial. Prices are developed for the following grades: distillate fuel oils (No.2 and 

No. 4), residual fuel oils (No. 6), and biofuel blends.49 Also included are cord wood, wood pellets, 

kerosene, and propane in the residential heating applications. New to AESC 2021, we also investigate 

avoided costs for motor gasoline and diesel used for transportation.  

In general, we find that avoided levelized costs for all fuels considered in this category are moderately 

higher than what was estimated in AESC 2018. In AESC 2021 we follow the EIA Short Term Energy 

Outlook (STEO) for one year and then directly transition to the 2021 AEO forecast. We chose these data 

sources for the near term to represent current market conditions and to capture the effects of the 

COVID-19 pandemic. In contrast, in AESC 2018 we followed the STEO and NYMEX market futures for two 

years and then transitioned over several years to the most recent AEO forecast. 

3.1. Results and comparison with AESC 2018 

Table 14 compares the levelized avoided fuel costs for AESC 2021 with those used for AESC 2018. Annual 

avoided fuel costs are detailed in Appendix D: Detailed Oil and Other Fuels Outputs. The Synapse Team 

based the results for the oil-based fuels on the most recent New England State Energy Data System 

(SEDS) prices. We then adjusted the results based on the crude oil price trends as discussed above and 

the AEO 2020 Reference Case projections for New England. Residential distillate prices are 2.9 percent 

greater, while Commercial distillate prices are 14.3 percent higher and commercial residual prices are 

8.2 percent lower (this decrease is due to a drop in recent historical prices for this fuel product). 

Propane prices are higher, representing recent increases in the SEDS price data. Kerosene, a fuel with a 

very modest market share, shows a significant increase based on the most recent SEDS data with a price 

midway between that of distillate and propane.  

Wood pellet prices are about the same, reflecting current market conditions. Cord wood, whose price 

and quality can vary widely, shows a significant price increase based on recent prices. However, these 

prices are below those of wood pellets. Note that all these prices reflect the fuel heat content and do 

not adjust for relative efficiencies and delivered energy. This analysis uses SEDS values for the starting 

points, adjusted for current and near-term national prices from STEO. The prices then follow the 

trajectory of the AEO 2021 Reference case prices going forward.50  

 

49 For the purposes of AESC 2021, biofuels blended in heating oil include B5 and B20.  

50 See https://www.eia.gov/state/seds/ for more information about the EIA State Energy Data System (SEDS). 

https://www.eia.gov/state/seds/
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Table 14. Comparison of avoided costs of retail fuels (15-year levelized, 2021 $ per MMBtu)  

 Residential Commercial Transportation 
 No. 2 

Distill-
ate 

Pro-
pane 

Kero-
sene 

Bio-
Fuel 
(B20) 

Cord 
Wood 

Wood 
Pellets 

No. 2 
Distillate 

No. 6 
Resid-

ual 

Motor 
Gasoline 

Motor 
Diesel 

AESC 2018 $23.36  $32.78  $20.95  $24.06  $14.12  $22.76  $19.46  $17.13  - - 

AESC 2021 $24.04  $38.79  $29.59  $21.64  $20.84  $22.47  $22.25  $15.74  $22.07 $22.76 

Percent change 2.9% 18.3% 41.3% -10.1% 47.6% -1.3% 14.3% -8.2% - - 

3.2. Forecast of crude oil prices 

The primary factor driving avoided fuel oil costs and fuel oil prices is the price of crude oil. For AESC 

нлнмΣ ǿŜ ǊŜƭȅ ƻƴ 9L!Ωǎ {¢9h and projections from the 2021 AEO Reference case (see Chapter 0:   
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Avoided Natural Gas Costs for more information about the analogous gas price forecast). This is a similar 

methodology to that used in the 2018 AESC study.  

For near-term projections in AESC 2021, we rely on data from the most recent STEO forecast for West 

Texas Intermediate (WTI) crude oil. We then transition to the AEO 2021 Reference case price projections 

in 2022. The approach is similar to that used for the natural gas price forecast, but it differs in that the 

markets have different sources of production and distribution. The oil markets are much more global 

and fluid than those for natural gas.  

The COVID-19 pandemic has reduced fossil fuel consumption world-wide and prices have fallen as 

supply exceeds demand. In the January 2021 edition of the STEO, the oil price forecast is about $45 per 

barrel through 2022. However, the uncertainty is quite large, as shown in Figure 8. We also reviewed the 

NYMEX oil futures for WTI (see Figure 9), which were occasionally used in past AESC studies to adjust or 

to verify the forecast. These values are similar to the January 2021 STEO in the near term, but then 

decline in both nominal and real dollar terms. This is odd market behavior and probably not indicative of 

likely future prices. Thus we make no use of this information in AESC 2021. For short-term prices, we 

ultimately rely on the STEO forecast because that incorporates an informed analysis of a wide variety of 

data, including the futures.51  

Figure 8. Forecast for West Texas Intermediate crude oil with NYMEX confidence intervals 

Source: Reproduced from the January 2021 ŜŘƛǘƛƻƴ ƻŦ 9L!Ωǎ {ƘƻǊǘ-Term Energy Outlook. Available at 
https://www.eia.gov/outlooks/steo/ Retrieved January 30, 2021. 9L! ƴƻǘŜΥ ά/ƻƴŦƛŘŜƴŎŜ ƛƴǘŜǊǾŀƭ ŘŜǊƛǾŜŘ ŦǊƻƳ ƻǇǘƛƻƴǎ ƳŀǊƪŜǘ 
information for the five trading days ending Jan 7, 2021. Intervals not calculated for months with sparse trading in near-the-
ƳƻƴŜȅ ƻǇǘƛƻƴǎ ŎƻƴǘǊŀŎǘǎΦέ 

 

51 ¦Φ{Φ 9L!Φ [ŀǎǘ ŀŎŎŜǎǎŜŘ aŀǊŎƘ млΣ нлнмΦ ά{ƘƻǊǘ ¢ŜǊƳ 9ƴŜǊƎȅ hǳǘƭƻƻƪǎέ eia.gov. Available at 

https://www.eia.gov/outlooks/steo/marketreview/crude.php.  
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https://www.eia.gov/outlooks/steo/
https://www.eia.gov/outlooks/steo/marketreview/crude.php
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Figure 9. NYMEX oil futures for West Texas Intermediate (WTI) crude oil 

 
Source: CME Group, https://www.cmegroup.com/market-data/settlements.html?redirect=/market-
data/settlements/index.html, Retrieved February 2, 2021. 

Figure 10 shows prices for WTI crude oil from a number of scenarios in AEO 2021.52 Oil prices rise 

modestly in the Reference case but differ substantially in the High and Low Oil Price scenarios. This 

represents the uncertainty about future oil prices. The 2020 price of oil in AEO 2021 (about $40 per 

barrel) is about two-thirds the price projected in AEO 2020 but increases up to similar levels by 2030.  

 

52 AEO 2020 does not present WTI crude oil prices. Price shown for AEO 2020 is for Brent. 

https://www.cmegroup.com/market-data/settlements.html?redirect=/market-data/settlements/index.html
https://www.cmegroup.com/market-data/settlements.html?redirect=/market-data/settlements/index.html
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Figure 10. Oil prices projected in various AEO 2021 scenarios 

 

The current short-term forecasts and futures markets do not indicate much increase in crude oil prices 

over the next several years. However, AEO projections are based on fundamental resource base 

analyses, and thus it is reasonable to expect higher future oil prices in the medium to long term. For 

AESC 2021, we use STEO for the near term (2021) and AEO 2021 for the medium and long terms (2022 

and all subsequent years) (see Figure 11). The annual real rate of price increase is about 2 percent per 

year. This forecast is not meant to predict the actual price in any given year, but rather to represent a 

mid-point average of fluctuating prices. 
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Figure 11. Crude oil prices, historical, forecast, and AESC 2021 

  

3.3. Forecast of fuel prices  

For AESC 2021, starting prices for fuel prices for electric generation and other end-uses are based on 

historical prices for the various fuels and sectors from SEDS (see Table 15). SEDS represents a 

comprehensive compilation of the actual prices and consumption. For the electric sector, we verify this 

with the EIA database of fuel costs for electric generation. Investigation of recent wood prices found 

delivered wood pellets to be in the range of $18 per MMBtu.53 Prices for cord wood and wood chips at 

the residential level are not readily available and vary widely both in cost and heat value.  

5ŀǘŀ ƛƴ 9L!Ωǎ {95{ ŘŀǘŀōŀǎŜ ƛǎ ǇǊƻǾƛŘŜŘ ŀǘ ǘƘŜ ǎǘŀǘŜ ƭŜǾŜƭΦ ²Ŝ ƭƻƻƪŜŘ ŀǘ ƴƛƴŜ ȅŜŀǊǎ όнлмлς2018) of 

historical data to determine if there are significant variations between the New England states. No 

consistent and significant state variations are apparent, and except for propane, prices in New England 

closely resemble national average prices.  

 

53 bŜǿ IŀƳǇǎƘƛǊŜ hŦŦƛŎŜ ƻŦ {ǘǊŀǘŜƎƛŎ LƴƛǘƛŀǘƛǾŜǎΦ άCǳŜƭ tǊƛŎŜǎΣέ ŀŎŎŜǎǎŜŘ !ǳƎǳǎǘ омΣ нлнлΦ !ǾŀƛƭŀōƭŜ ŀǘΥ 

https://www.nh.gov/osi/energy/energy-nh/fuel-prices/index.htm. 

https://www.nh.gov/osi/energy/energy-nh/fuel-prices/index.htm

































































































































































































































































































































































































































































































































































































































































































































